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            Excess water production in oil fields is becoming a challenging economic and 
environmental problem as more reservoirs are maturing. Water channeling, one of the 
primary reservoir conformance problems, is caused by reservoir heterogeneities that lead 
to the development of high-permeability streaks. The recovery of oil from carbonate 
reservoirs is usually low due to their extreme heterogeneity caused by natural fractures and 
the nature of oil-wet matrix. Also, oil recovery from fractured sandstone reservoirs is often 
low due to areal heterogeneity. Gel treatments have proven to be a successful and 
inexpensive fluid diversion method when used to plug the thief zones and thereby improve 
sweep efficiency in reservoirs. However, particle gel treatment can only be used to plug 
fractures or high permeable channels to improve sweep efficiency and has little effect on 
displacement efficiency. 
            Oil recovery is the product of displacement efficiency (ED) and sweep efficiency 
(ES).  Particle gels can plug fractures and improve sweep efficiency, but they have little 
effect on displacement efficiency. Low salinity water flooding (LSWF) can only increase 
displacement efficiency but has little or no effect on sweep efficiency. The main objective 
of this research is to provide a comprehensive understanding of the combined LSWF-PPG 
technology and to show how the coupling method can improve oil recovery.  
            We developed a cost-effective, novel, enhanced oil recovery (EOR) technology for 
fractured reservoirs by coupling the two technologies into one process.  
The coupled method bypasses the limitations of each method when used individually and 
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1.1. STATEMENT AND SIGNIFICANCE OF THE PROBLEM 
           Many oil and gas wells have been negatively affected by excess water production, 
which has decreased their lifespan. Based on Environmental Protection Agency report in 
2000, for each barrel of oil, approximately eight times the amount of water is produced in 
USA, such that separating, treating, and disposing of that water costs about $50 billion per 
year (Hill et al., 2012). Near-wellbore problems and reservoir-related problems can cause 
water to flow into the wellbore (Seright et al., 2001). Before selecting a method to deal 
with this excess water, it is essential to understand the mechanisms underlying its cause. 
During water flooding, a fractured reservoir can contribute to undesirable water channeling 
as well as to early water breakthrough. This leaves a great deal of oil un-swept because a 
large water flood will not enter oil-rich, un-swept zones.     
            Approximately two-thirds of the oil in place cannot be recovered using 
conventional methods, so enhanced oil recovery (EOR) methods are needed. Two key 
issues that result in early well abandonment and unrecoverable hydrocarbon in mature 
wells are excess water production and low oil production rates. Recently, the oil industry 
has turned to two novel EOR technologies: preformed particle gels (PPGs) and low-salinity 
water flooding (LSWF). 
            Preformed particle gels reduce the fluid flow in large permeability features and are 
a cost-effective method of chemical conformance control. Applying this technology 





extending the economic life of a reservoir. Because PPGs are tiny (about a millimeter in 
diameter) they are able to pass into fractures or fracture-feature channels at the same time 
as they minimize the infiltration of gels into un-swept areas. These particle gels have been 
employed to reduce the permeability of fractures or super-high permeability channels in 
close to 10,000 wells in water floods and polymer floods globally (Bai et al., 2013). 
However, preformed particle gel treatment can only be used to plug fractures and thus has 
little effect on displacement efficiency. 
To extend the applications of PPG, a low salinity waterflooding was joint with PPG 
applications. LSWF can only increase displacement efficiency; it has little or no effect on 
sweep efficiency. However, particle gels can only plug fractures and thus improve sweep 
efficiency. The coupled method bypasses the limitations of each method when used 
individually and improves both displacement and sweep efficiency. 
1.2. EXPECTED IMPACTS AND CONTRIBUTIONS 
            Results obtained from this research will promote using the PPG and LSWF methods 
for conformance control in mature reservoirs as the mechanism and the performance of the 
coupling method through fractures will be deeply investigated. Understanding the PPG-
LWSF mechanism and performance when combined are crucial to obtaining a better 
blocking efficiency and improving conformance control objectives.  
            The following information were provided from this research: 
 A semi-transparent model was successfully developed, which can be used to image the 





 The novel EOR process by combining LSWF with PPGs was proposed and proved in 
lab, which will provide a viable technique for improving oil recovery in fractured 
reservoirs. 
 The coupled method bypasses the limitations of each method when used individually 
and improves both displacement and sweep efficiency. 
 The factors which could affect the improvement of oil recovery through fractures were 
determined. Reservoir properties such as permeability, heterogeneity, fracture width, 
wettability, and other factors including PPG property factors such as water salinity, gel 
strength, swelling ratio, particle sizes, and PPG injection pressure were investigated. 
1.3. STATEMENT OF WORK 
   1.3.1. Objectives. The ultimate objective of this research is to provide a 
comprehensive understanding of the combined PPG-LWSF EOR technology and to show 
how using the coupling method can improve oil recovery and reduce water production. To 
gain a better understanding of the mechanism, process, and performance of the coupling 
method through fractures, an extensive core flooding experiments were performed. 
Through this research activity, the following specific objectives can be obtained: 
 To develop a cost-effective, novel, enhanced oil recovery (EOR) technology for 
fractured reservoirs by coupling the two technologies (gel treatment and low 
salinity waterflooding) into one process. 
 To determine whether the coupling method can improve oil recovery from 
carbonate reservoirs. Laboratory experiments were conducted to evaluate the 
effect of four key parameters on oil recovery using designed carbonate fracture 





PPG placement pressure, which refers to the maximum pressure used to inject 
PPGs for each experiment. Two approaches will be used: 1) the sequential mode 
will show low salinity waterflooding injection results after the PPG was placed 
inside the fracture, and 2) the mixture mode will show the combined PPG and 
LSWF injection as one process (PPG swelling in low salinity water). 
 To identify whether the combined process of PPG treatment and low-salinity 
waterflooding can improve areal sweep efficiency more effectively than the single 
injection method.  A series of low-salinity waterflooding tests were conducted 
using fractured sandstone core models. 
 To offers a comprehensive understanding of the combined technology through 
laboratory experiments. The focus of this study is to see how preformed particle 
gel and low water salinity perform in porous media by creating flow resistance to 
injected fluid thereby changing the wettability and enhancing the sweep and 
displacement efficiency. 
 To examine the effects of sulfate ion concentration and low salinity water (diluted 
seawater) on improving oil recovery in fractured reservoirs when combined with 
microgel treatment. Four key parameters were examined: increased sulfate ion 
concentration, dilute seawater, fracture width, and matrix permeability. 
             Based on these objectives, this research provides a comprehensive knowledge of 
the particle gel-LSWF mechanisms, performance, and optimizations to increase oil 





   1.3.2. Work Scope. This research is primarily a laboratory study to investigate 
whether the coupling method can be used to improve oil recovery from carbonate 
reservoirs. Core flooding experiments will provide a comprehensive understanding of the 
combined technology and to show how using the coupling method can improve oil 
recovery. The experiment will also provide the necessary data required to obtain better 
design and optimization of gel treatment-LSWF in field conformance applications. Figure 













Figure 1.1. Research scope.  
 
 


































2. LITERATURE REVIEW 
 
2.1. RECOVERY MECHANISMS 
              Primary, secondary, and tertiary recovery are the three main mechanisms needed to 
produce oil. Primary oil recovery, which recovers 12-15% of the original oil in place 
(OIIP), refers to naturally occurring aspects of a reservoir that stimulate the flow of oil, 
including solution and gas cap drive, water drive, gravity drainage, and any combination 
of these mechanisms. Especially as oil reservoirs mature and become depleted, primary 
recovery methods become insufficient.  
            Secondary recovery mechanisms, which recover 15-20% of the OIIP, usually entail 
injecting water or gas into a reservoir so as to pump the oil out of the reservoir. Together, 
primary and secondary oil recovery methods generally produce up to 35% recovery of the 
OIIP (Green and Willhite, 1998). 
            Primary and secondary recovery mechanisms cannot produce large amounts of 
hydrocarbon recovery because of heterogeneity within a reservoir, which leads to high-
permeability streaks being developed. High-permeability streaks include the following: 
open fractures, fracture-like features, caves, wormholes, and conduits. Although these 
high-conductivity regions only account for a small fraction of the reservoir, they trap a 
sizeable portion of the injected water. Therefore, significant amounts of oil remain un-
swept because large water injections circumvent these oil-rich, un-swept areas. 
            In the United States, 45% of the discovered oil reserves cannot be recovered using 
secondary recovery technologies, so enhanced oil recovery methods are used. EOR allows 






            The following formula expresses the factors that improve oil recovery: 
                                                    ER = ED × EA × EI                                                    (2.1) 
where ER is the total recovery efficiency, ED is the displacement efficiency, EA is the areal 
sweep efficiency, and EI is the vertical efficiency. 
            There are three major categories of enhanced oil recovery—gas injection, chemical 
injection, and thermal recovery—each of which induces a reservoir to reduce any residual 
or remaining oil either by increasing the displacement efficiency (i.e., reducing residual oil 
saturation in swept areas) or improving the sweep efficiency by displacing the remaining 
oil in un-swept areas. Residual oil saturation is related to the capillary number, the ratio of 
viscous force to capillary force. There are four methods for recovering oil from un-swept 
regions: increase the viscosity of the displacing fluid, lower the oil viscosity, modify the 
permeability, and adjust the wettability. 
2.2. EXCESSIVE WATER PRODUCTION 
            Currently, as many of the world’s reservoirs mature, a surplus of water production 
has become a key technical, economic, and environmental problem. Water production 
causes serious problems, such as equipment corrosion, increased hydrostatic load, and sand 
fine migrations, any of which can decrease the productive life of oil/gas wells. Over 15 
billion barrels of water are estimated to be produced each year, which means that about 
eight barrels of water are produced for each barrel of oil (Environmental Protection 
Agency, 2000). Separating, treating, and disposing of this unwanted water is estimated to 
cost about $50 billion annually (Hill et al., 2012). 
            The older a reservoir becomes, the more excess water it tends to produce, which 





undesired water must be fully understood to develop efficient and effective solutions. There 
are many mechanical, completion, and chemical treatment technologies that lessen water-
related difficulties and reduce undesired water production. In addition, they improve 
hydrocarbon production rates considerably, thereby extending the economic life of a 
reservoir. 
2.2.1. Mechanisms Related to Unwanted Water Production. Understanding the 
many factors that contribute to water production allows for effective strategies to be 
designed for its control (Seright et al., 2001). The water flow into a wellbore can take place 
along two kinds of paths: (1) a path that is separate from the hydrocarbon’s path, or (2) a 
path in which water is co-produced with oil. The latter usually occurs only in the water 
flood of a more mature reservoir.  
Co-produced water results either from water that exists naturally inside a reservoir, 
such as aquifers and formation waters, or when water is injected into a reservoir by external 
sources. The water saturation must exceed the connate water saturation for water to flow 
through reservoirs, such that the relative permeability to water rises as the water saturation 
increases beyond the connate water saturation. In addition, water production increases as a 
result of reservoir heterogeneity, which can cause water channeling through high-
permeability streaks, including fractures, conduits, faults, and discontinuous layers. 
Channeling can be intensified by lower water viscosity (as compared to oil viscosity) 
especially during a water flood. 
2.2.2. Water Production Problems. Water production problems correlate to near-





2.2.2.1. Near-wellbore problems. Near-wellbore problems stem from either 
mechanical or completion problems and usually take place early in the life of a well. 
2.2.2.1.1. Mechanical problems. If the casing has poor mechanical integrity (e.g., 
holes created by corrosion; wear or splits due to flaws, excessive pressure, or formation 
deformation), leaks are likely to occur (Figure 2.1). When unwanted water enters the 
casing due to a leak, the water level rises without warning. To find the leak, temperature 










Figure 2.1. Mechanical problem (Bailey et al., 2000). 
 
2.2.2.1.2. Completion problems. The three most common completion problems 
are (1) channels behind the casing, (2) completions that are too near the water zone, and 
(3) fracturing out of the zone. 
 Channels behind the casing 
A channel behind the casing (Figure 2.2a) results from either a poor cement casing 
or a poor cement-formation bond. Although this issue can take place in a well 





the well is either completed or stimulated. Therefore, if unexpected water 
production occurs at these times, it is a strong indication of a channel, which can 
be verified using temperature, noise, and bond logs. 
 Completions too close to the water zone 
When completion is made into undesired regions in which the water saturation is 
higher than the connate water saturation, water production can occur immediately 
(Figure 2.2b). Water will be produced more rapidly and easily if perforations are 
made above the original water-gas or water-oil contact and throughout the coning 
or cresting. To find the appropriate cut-off point of the moveable water, consult 










(a) Channel behind casing.  (b) Completion close to water zone. 







 Barrier breakdowns 
It is also possible that hydraulic fractures will cause barrier breakdowns near the 
wellbore, which will cause excessive water production throughout the well. One 
example of a natural barrier is dense shale layers that separate the various fluid 
zones. 
2.2.2.2. Reservoir-related problems. Reservoir-related problems usually happen 
later in a well’s operation and can occur because of channeling through higher 
permeability regions or fractures or as a result of coning, cresting, reservoir depletions, or 
fractures out of zones.  
2.2.2.2.1. Channeling through high-permeability streaks or fractures. Water 
channeling is caused by reservoir heterogeneities that result in high-permeability streaks. 
Channeling is usually caused by fractures, fracture-like features, and conduits. Channels 
can originate from natural fractures from a natural water drive or from induced fractures 
(e.g., from water flooding mechanisms), etc. The presence of high-permeability streaks 
leads to a premature breakthrough of water; consequently, large amounts of oil remain un-
swept in low-permeability zones. Then, as the water sweeps into the higher permeability 
intervals, the permeability to later water flow increases, resulting in higher water-oil ratios 
for the remaining life cycle of the well. 
2.2.2.2.2. Coning and cresting. When the producing formations are positioned 
above a water zone and when the pressure gradient near the wellbore decreases, both water 
coning in vertical wells and water cresting in horizontal wells occurs (Figure 2.3). The 





wellbore, where water can leak into the perforated (i.e., open hole) sections, thus 









Figure 2.3. Water coning vs. cresting (Bailey et al., 2000). 
 
2.2.2.2.3. Reservoir depletions. If reservoir depletion occurs, decreasing water 
production is not an option because there will not be enough hydrocarbon to produce. 
Therefore, when water coning/water cresting production reaches more advanced stages, 
the focus will change from preventing to reducing water production costs. 
2.2.2.2.4. Fracturing out of the zone. If a hydraulic fracture was not designed 
correctly, the fracture will inadvertently expand and break into water zones, meaning that 
coning or cresting through a fracture can give rise to an early breakthrough of water that 
greatly increases water production. To identify such a problem, the following can be used: 
a spinner survey, tracer survey, and well testing. 





2.3. CHEMICAL PLACEMENT TECHNIQUES  
There are various placement techniques that describe the manner in which 
injectable conformance materials are deposited into a reservoir. Some treatments can be 
injected into all reservoir layers, while others can only be injected into a specific area. To 
reduce the penetration of the treatment agent into productive regions, improved techniques 
(e.g., mechanical isolation) are employed instead of using the traditional bullhead method. 
Therefore, when resolving a vertical conformance problem, the most appropriate 
placement technique should be used (Miller and Chen, 1997; Bybee, 2004; Wassmuth et 
al., 2004; Ansah et al., 2006; Jaripatke and Dalrymple, 2010). This issue has been studied 
in-depth by Seright and his colleagues, using various flow systems to determine the best 
placement method (Seright, 1988, 1991, 1995; Sorbie and Seright, 1992; Liang and 
Seright, 1993; Seright et al., 2001), finding that for when there is a matrix-rock, radial-
flow problem, the mechanical zone must be isolated to seal low-permeability regions if 
vertical crossflow is not anticipated. 
Placement procedures should be chosen based on individual well characteristics, in 
a manner similar to the one used for injecting drive fluids (Jaripatke and Dalrymple, 2010). 
The following subsections are based on Jaripatke and Dalrymple’s (2010) review of the 
features and drawbacks of the most frequently used placement techniques. 
2.3.1. Bullhead Placement. The most commonly used and cost-effective 
placement method is to bullhead the treating agents into open reservoir areas or 
perforations (Figure 2.4a), meaning that the conformance materials are injected through 





technique can plug water and oil zones, it is considered risky, and other methods are 
preferable. 
2.3.2. Mechanical Isolation Placement. In high-capacity layers and to isolate oil-
bearing areas, mechanical packers, bridge plugs, and other downhole, selective injection 
installations (i.e., mandrels) are employed to guide plugging agents (Figure 2.4b). If there 
is an impermeable barrier between the water and oil zones, this placement technique must 
be used to isolate the zones. The chief disadvantage of this mechanical isolation placement 
is that workover operation expenses can consist of approximately 60% of the treatment 
cost. 
2.3.3. Dual-Injection Placement. Similarly, in dual-injection placement, low-
permeability, oil-bearing zones are isolated using a packer. The treatment agents are 
pumped through the tubing into the high-capacity regions, and simultaneously, a 
compatible fluid (e.g., diesel) is pumped down the annulus into the low-capacity regions. 
The surface injection pressures must be controlled in such a way that ensures a balanced 
flow of fluids (Figure 2.4c), so the limiting factors are that this can be expensive and 
problematic when trying to obtain a balanced flow of injected fluids. 
2.3.4. Isoflow Placement. This is similar to dual-injection placement except that a 
packer is not used, but the treating agents are injected down the tubing and isolated from 
low-capacity zones by injecting a compatible fluid down the annulus. The compatible fluid 
is combined with a radioactive tracer, and a detection tool is positioned in the tubing to 
help balance both fluid flow rates (Figure 2.4d). 
2.3.5. Transient Placement. This method sharply decreases the injection pressure 





stated that this step would produce a transient period when reservoir fluids could return to 
the wellbore, as shown in Figure 2.5. As such, this placement is reserved for wells with 




                    (a) Bullhead placement.                         (b) Mechanical isolation placement. 
 
           (c) Dual-Injection placement.                     (d) Isoflow injection placement. 






Figure 2.5. Transient placement technique (Seright, 1998). 
 
 
2.4. TYPES OF CHEMICAL CONFORMANCE CONTROL 
            Chemical conformance control practices that tackle permeability-related 
conformance problems are often referred to as conformance improvement treatments, 
which are grouped into categories according to technical characteristics, such as the type 
of treated wells. It is important to be familiar with the terms used to describe these 
categories. 
            One category of conformance improvement treatments relates to the remedy 
objective, for example, improving the volumetric sweep efficiency of IOR (improved oil 
recovery)/EOR flooding (i.e., displacement) or reducing water production (i.e., diversion 
or plugging and diversion) (Sydansk and Southwell, 2000).  
             A secondly category classifies the remediation of conformance problems based on 
the implementation time, which is either before or after the drive fluid is channeled. Early 
conformance improvement treatments are considered proactive or preventive, while those 





treatments are less expensive and more successful than reactive treatments (Soliman et al., 
2000; Pipes and Schoeling, 2014). 
            The third and final category of conformance improvement treatments is organized 
into three groups based on the type of well treated (i.e., whether it is an injector or a 
producer) as shown in Table 2.1. Injection well treatments are then subcategorized based 
on the volume of the injected gelant or the depth of the gel penetration. In the next 
subsections discuss the main categories of chemical conformance improvement treatments. 
2.4.1. Water Shutoff Treatment. Water shutoff treatment is employed in 
production wells to fix the reservoir permeability heterogeneity in the near-wellbore area 
(Figure 2.6a). There is an option of two treating agents, whose use depends on whether 
there is an impermeable barrier that separates the oil- and water-producing regions. If a 
reservoir is separated, a strong plugging agent is needed (e.g., polymer gels), and this 
remediation method is referred to as nonselective water shutoff treatment. Using the water 
shutoff treatment, conformance agents obstruct the high-permeability areas, which diverts 
any injected fluids into the low-permeability zones. Selective water shutoff remedies are 
used for single-layer reservoirs, in which relative-permeability-modification (RPM) 
polymers and gels are applied. This placement method is effective for nonselective water 
shutoff treatments, while RPM treatments can be bullheaded. 
2.4.2. Profile Control Treatment. A profile control treatment is a near-wellbore 
treatment used in injection wells to resolve water channeling problems caused by extensive 
permeability variation (Figure 2.6b). Partially or totally plugging high-permeability zones 





production. If there is no vertical pressure communication or crossflow between the 
reservoir layers, a small volume of plugging agents can adequately tackle the problem. 
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Strong plugging agents are typically employed, such as bulk gels, cement, or a 
combination, with the placement method playing a critical role in the performance and 
effectiveness of such treatments. 
2.4.3. In-Depth Fluid Diversion Treatment. With vertical fluid crossflow 
between reservoir layers and when near-wellbore treatments are employed, the injected 
fluid reverts to channeling into the producers after detouring around the placed treatments. 
For a long-term fluid diversion of the drive fluid that will subsequently be injected, a large 
volume of treating agents is positioned deep within the reservoir through the injection 
wells, as shown in Figure 2.6c. For in-depth fluid diversion (IFD) treatments, substantial 
amounts of some agents (e.g., weak gels, preformed particle gels, and colloidal dispersion 





about one-third of the distance between the injector and producer or more than 10% of the 
treated well pattern pore volume (Wang et al., 2001; Han et al., 2014). 
2.5. BACKGROUND AND EXISTING TECHNOLOGIES 
2.5.1 Gel Treatments. Although gel injections are often used to decrease the 
volume of water produced with oil, but they also can improve the volumetric sweet 
efficiency (EV) (Liang and Seright, 2000) by diverting some of the injected water into 
areas previously un-swept by water. Recently, PPGs have been applied because they do 
not have the same limitations inherent in conventional in situ gelation systems: lack of 
gelation time control, uncertainty of gelling because of shear degradation, chromatographic 
fractionation of gelant compositions, and dilution by formation water. 
            As crosslinked, polymeric, 3-D networks, PPGs can absorb several hundred times 
their initial weight. A typical, commercial PPG is millimeter-sized, sugar-like, hydrophilic, 
and hygroscopic and light whitish-yellow or brown in color (Zohurian-Mehr and Kabiri, 
2008; Bai et al., 2013). PPGs are gel particles formed on the surface prior to injection into 
oil wells. When PPGs are submerged in water or an aqueous solution, these particles absorb 
to their equilibrium volume without dissolving. PPGs are gaining attention because they 
have been used successfully for almost 20 years and are reasonably priced, easy to work 
with, and environmentally friendly (Coste et al., 2000; Bai et al., 2007a,b, 2013; Liu et al., 
2010). 
            To improve conformance and decrease water channeling in mature reservoirs, two 
types of gel treatments are used: (1) PPGs, and (2) in situ crosslinking gels, which are more 
widely applied. A gel that combines a polymer and crosslinkers (i.e., pre-gel or gelant) is 



















Figure 2.6. Types of gel conformance improvement treatments (Aldhaheri, 2017). 
   
fully or partially seal the formation. In this way, PPGs can overcome some of the 
limitations that would occur when using an in situ gelation system (e.g., lack of gelation 
time control, gelling uncertainty due to shear degradation, chromatographic fractionation, 
and dilution by formation water) (Chauveteau et al., 2003; Bai et al., 2007a, b). 
            Because PPGs are manufactured at a surface facility prior to injection, no gelation 





and are not affected to any great degree by the reservoir’s physicochemical conditions: pH, 
salinity, multivalent ions, hydrogen sulfide, and temperature (Bai et al., 2007a, b). 
2.5.1.1. Advantages of PPG treatment. Because PPGs are created on the surface 
before injection, they do not have many of the problems of traditional in situ gels, including 
uncontrolled gelation time, variations in gelation resulting from shear degradation, and 
gelant changes stemming from contact with reservoir minerals and fluids (Bai et al., 
2007a). If they are properly fabricated, PPGs will be able to partly plug fractures, imparting 
enough pressure to deflect the displacement fluid (e.g., water, surfactant, or CO2) into the 
oil-wet matrix of the fractured reservoir. 
            PPGs differ in swelling time and swelling ratio as well as being manufactured in 
numerous sizes: micro-to-millimeter-sized PPGs (Coste et al., 2000; Bai et al., 2007a, b), 
microgels (Zaitoun et al., 2007), pH-sensitive crosslinked polymers (Al-Anazi and Sharma, 
2002; Huh et al., 2005), and swelling submicron-sized polymers (Pritchett et al., 2003; 
Frampton et al., 2004). PPGs, microgels, and submicron-sized polymers have all been 
successfully and cost-effectively used to decrease water production and increase oil 
recovery in mature oil fields. Microgel was employed to decrease water production in 
approximately 10 gas storage wells (Zaitoun et al., 2007); submicron-sized particles were 
injected into over 60 wells (Cheung et al., 2007); and millimeter-sized PPGs were used in 
China in over 4,000 wells in water floods and polymer floods to decrease the permeability 
of fractures or super-high permeability channels (Liu et al., 2010). 
            PPGs are now widely accepted and are being used in greater numbers by operators 






 They are fabricated before formation contact, which gives them an advantage over 
in situ gelation systems, which have intrinsic problems (e.g., uncontrolled gelation 
times, variations in gelation because of shear degradation, and gelant changes 
caused by contact with reservoir minerals and fluids). 
 Their strength and size are known and controlled, and they are environmentally 
friendly and stable even when they come into contact with most reservoir minerals 
and formation water salinities. 
 They are able to enter into fractures or fracture-feature channels preferentially, 
while keeping gel penetration to a minimum in un-swept areas. When gel particles 
are designed with the optimal size and properties, they are expected to move 
through fractures or fracture-feature channels without penetrating into 
conventional rocks. 
 They generally have only one component during injection, making PPG treatment 
a simpler process than what is required of traditional in situ gels (i.e., injection 
facilities and instruments that are often needed to dissolve and mix polymers and 
crosslinkers). 
 Unlike traditional in situ gels, which can be easily affected by salinity and 
multivalent cations in the produced water, PPGs can be manufactured using 
produced water without influencing gel stability, thus saving freshwater and 
protecting the environment. 
2.5.1.2. Field applications of PPGs. In 1997, the Research Institute of Petroleum 
Exploration and Development (RIPED), PetroChina, began using PPGs for conformance 





oilfields had been injected with either PPGs or PPGs combined with other gels, including 
sandstone and carbonate reservoirs at a variety of temperatures and formation salinities 
(Bai et al., 2013). Some of the most successful PPG applications reported by Bai et al. 
(2013) in SPE paper 164511 will be summarized below. 
In the Zhongyuan oilfield, which is operated by SINOPEC in China, PPGs were 
employed in a high-salinity (15 × 104 ppm), high-temperature (107°C) reservoir because 
it was not possible to use in situ gel given these severe conditions. The sandstone reservoir 
had been under water flooding for many years, and the problems it faced were the rapid 
communication between the injection and production wells and acute vertical 
heterogeneity. The PPG application worked well, making it the primary conformance 
improvement method in this oilfield. 
In the Danqing oilfield, one of the largest oilfields in China, PPGs also became the 
optimal conformance treatment. Because the reservoir had a low-salinity of 4,500 ppm and 
a low temperature (45°C), polymer flooding had been very effective in the field. However, 
over time, serious vertical heterogeneity problems drove the operators to apply PPGs. PPG 
treatment has often been employed in the Danqing field since 2004, but there is no 
information about its effectiveness. 
The Shengli oilfield in China has excessive sand production, for which PPG 
treatment was employed. Two wells were treated with PPGs in the Shangdian reservoir in 
1999, which is a sandstone reservoir that exhibits faulted-block, unconsolidated sand, and 
high-salinity conditions that made it a poor candidate for conventional gel treatments. 
Profile surveys conducted after the treatment demonstrated improvement in the vertical 





oilfields (e.g., Danqing, Zhongyuan, and Shengli), PPGs have been paired with weak 
polymer gels to provide better results. 
Since the early 2000s, PPGs has been applied in the United States, but only a few 
results are in the public domain. PPGs have been used in the Anton Irish field in West 
Texas, operated by Occidental Petroleum Corporation (Oxy) (Smith et al., 2006; Pyziak 
and Smith, 2007). This carbonate reservoir formation experienced a CO2 flooding project 
starting in 1997, but there was a rapid breakthrough of CO2 and water through conduits 
that influenced the operators to try other conformance control solutions. In response to 
several failed attempts, swelling polycrystalline materials (PPGs) were used to fill the 
conduits and counteract the CO2 and water cycling, which resulted in reduced levels of 
CO2 and water production and improvements in incremental oil production. This confirms 
that the PPGs were effective in filling the cavities within the reservoir. 
A case study was conducted of the PPGs used in the Kelly-Snyder field, Scurry 
County, Texas, where PPGs up to 6 mm were injected into several wells to successfully 
deal with their short circuits and to control CO2 production (Larkin et al., 2008). This 
application improved the injection profile, reducing CO2 production and increasing oil 
production. 
Another field case study using PPGs was done in the West Sak Field in the North 
Slope region of Alaska, in a shallow, viscous oil reservoir consisting of poorly consolidated 
sand that had been under water flooding since 1998 (Peirce et al., 2014). There were 
extensive conformance problems due to the nature of the formation and the use of 
ineffective completion techniques. Prior to applying PPGs, numerous solutions were 





into the wells. Many of these treatments were applied to horizontal wells, necessitating 
adjustments because of some problematic placement control dynamics. Ten PPG 
treatments were conducted in seven multilateral injectors and one vertical injector from 
2011 to 2013, and two wells had to be retreated as they failed within three months. The 
final report stated that six treatments on eight wells remained effective, giving a 75% 
success rate by well. 
2.5.2. Low-Salinity Water Flooding EOR. One method that has been widely 
studied is low-salinity water flooding, which is used to decrease the residual oil saturation 
in swept areas, thereby enhancing oil recovery. Martin (1959) was the first to suggest using 
low-salinity water for oil recovery after he observed an improvement in oil recovery after 
the injection of freshwater compared to seawater in sandstone core samples. However, the 
EOR potential of low-salinity water was not realized until Morrow and his colleagues 
published a number of related papers from 1991 to 1999 (Jadhunandan and Morrow, 1991, 
1995; Yildiz and Morrow, 1996; Tang and Morrow, 1997, 1999). Many companies and 
research organizations have since examined the way in which water salinity and 
composition influence oil recovery and the mechanisms related to sandstone and 
carbonates. Injecting high-salinity water into chalk formations improved oil recovery up to 
40% OOIP (Zhang et al., 2007). McGuire and Chatham (2005) and Lager et al. (2008) 
found that low-salinity water floods could enhance recovery up to 40% OOIP. In sandstone 
formations, low-salinity water floods have been found to further decrease the residual oil 
saturation in comparison to normal water flooding (McGuire and Chatham, 2005; 
Seccombe et. al., 2010; Ligthelm et al., 2009; Yousef et al., 2012). The degree of oil 





exchange, clay contents, formation water composition, oil composition, and the original 
water saturation. Explanations of this positive effect include the migration of fines (Tang 
and Morrow, 1999), interfacial tension reduction (McGuire and Chatham, 2005), 
multicomponent ionic exchange (Lager et al., 2008), pH-driven wettability change (Lager 
et al, 2008; McGuire and Chatham, 2005), double-layer expansion (Ligthelm et al., 2009), 
desorption of organic material from clay surfaces (Austad et al., 2010), wettability 
alternation (Yousef et al., 2012), mineral dissolution (Aksulu et al., 2012), and 
microscopically diverted flow (Skauge, 2008; Spildo et al., 2012). All of the 
aforementioned mechanisms result in changes to the rock wettability from oil-wet or 
intermediate/water wet, meaning that the residual oil saturation decreases, thus improving 
oil recovery. This occurs because low-salinity water flooding is responsible for greater oil 
recovery as it increases the microscopic displacement efficiency. 
2.5.3. Combining Two EOR Methods. Muhammed et al. (2014) paired two 
enhanced oil recovery methods (i.e., PPG and surfactant) to increase the oil recovery factor 
within fractured carbonate reservoirs, finding that this process is more cost-effective for 
increasing oil recovery and decreasing water production in naturally fractured reservoirs. 
Imqam et al. (2015) studied both swept and un-swept oil zones and found that when a 
polymer was injected right after the PPG treatment, the oil recovery from both low- and 
high-permeability areas improved greatly.                    
  Oil recovery is inherently related to both displacement efficiency (ED) and sweep 
efficiency (ES). Low-salinity water flooding improves ED, yet provides little or no 
influence on ES. PPGs plug fractures or high-permeable channels, thereby improving ES, 





injection as a single process, which overcomes the limitations of each method when used 
on its own. The combined method should improve both ED and ES, resulting in a less 
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Oil recovery from carbonate reservoirs is usually low due to their extreme 
heterogeneity caused by natural fractures and the nature of the oil-wet matrix. Low salinity 
water flooding (LSWF) and preformed particle gels (PPG) control conformance are two 
novel technologies that have recently drawn great interest from the oil industry. 
Theoretically, LSWF can only increase displacement efficiency, and it has little or no effect 
on sweep efficiency; PPG can plug fractures, they can improve sweep efficiency, but they 
have little effect on displacement efficiency. We developed a cost-effective, novel, 
enhanced oil recovery (EOR) technology for carbonate reservoirs by coupling the two 
technologies into one process. The objective of this paper is to provide a comprehensive 
understanding of the combined technology and to demonstrate how the coupling method 
can improve oil recovery. The oil-wet carbonate cores provided a higher improved oil 
recovery than water-wet carbonate cores during LSWF. The decrease in fracture width 
resulted in a higher oil recovery factor. Compared to traditional bulk gel treatments, PPG 
forms stronger plugging but will not form an impermeable cake in the fracture surface; 





wettability, thereby producing more oil from the matrix. Results also show that oil recovery 
increased by 10% during LSWF after the second water flooding. Additionally, when PPGs 
were injected, another 4% of oil recovery was gained. As a result, the combined LSWF 
and PPG increased oil recovery by 18%. A full-factorial experimental design was 
performed to investigate the influence of the PPG-placed injection pressure (which refers 
to the maximum pressure used to inject PPG for each experiment), water salinity, and 
fracture width. Experimental results tell that PPG-placed injection pressure is the factor 
that strongly influences both oil recovery factor and residual resistance factor; fracture 
width is the least influential factor among the three. Experimental results prove that the 
coupled method bypasses the limitations of each method when used individually and 




EOR methods offer promising approaches to recover a significant portion of 
remaining oil which is about two-thirds of the oil in place and cannot be recovered by 
conventional technologies.  Excess water production and low oil production rates are two 
major issues that lead to early well abandonment and unrecoverable hydrocarbon in mature 
wells.  Preformed particle gels (PPG) control conformance and low salinity water flooding 
are two novel EOR technologies that have recently gained favorable attention by the oil 
industry.  
Preformed particle gels have recently been developed and applied to improve the 
sweep efficiency of water flooding. PPG is made of specific kind of superabsorbent 





ranges.  PPG is able to overcome some drawbacks inherent in in-situ gelation systems such 
as lack of gelation time control, gelling uncertainty due to shear degradation, 
chromatographic fractionation, or dilution by water formation (Chauveteau et al., 2003; 
Bai et al., 2007a, 2007b). A preformed gel is formed at a surface facility before injection, 
and is then injected into a reservoir; thus, no gelation occurs in the reservoir.  These gels 
usually have only one component during injection, and little sensitivity to physicochemical 
conditions in a reservoir, such as pH, salinity, multivalent ions, hydrogen sulfide, and 
temperature (Bai et al., 2007a, 2007b). Current commercially available particle gels come 
in various sizes, including micro- to millimeter sized preformed particle gels (PPGs) (Coste 
et al., 2000; Bai et al., 2007a, 2007b, Wu & Bai, 2008), microgels (Zaitoun et al., 2007), 
pH sensitive crosslinked polymers (Al-Anazi et al., 2002; Huh et al., 2005), and swelling 
submicron-sized polymers (Pritchett et al., 2003; Frampton et al., 2004). Their major 
differences lie in the particle size, swelling time, and swelling ratio. Published documents 
show that PPG, microgels, and submicron-sized polymers have been economically applied 
to reduce water production and improve oil recovery in mature oil fields. Microgels were 
applied to about 10 gas storage wells to reduce water production (Zaitoun et al., 2007). 
Submicron-sized particles were applied to more than 60 wells (Cheung, 2007). Millimeter-
sized PPGs can preferentially enter into fractures or fracture-feature channels while 
minimizing gel penetration into unswept zones and matrixes when millimeter-sized particle 
gels are used, and they have been applied in nearly 10,000 wells in water floods and 
polymer floods worldwide to reduce the permeability of fractures or super-permeable 






Low salinity water flooding has been widely investigated to reduce the residual oil 
saturation in swept areas and thus improve oil recovery. The encouraging effect of low 
salinity water on oil recovery can be traced back to Martin (1959). He observed an increase 
in oil recovery by injection of fresh water compared to sea water injection in sandstone 
core samples. However, its EOR potential was not recognized until Morrow, and his co-
workers published a series of related works from 1991 to 1999 (Jadhunandan and Morrow, 
1991, 1995; Yildiz and Morrow, 1996; Tang and Morrow, 1997, 1999). Since then, many 
companies and research organizations have investigated how water salinity and 
compositions affect oil recovery and their mechanisms for sandstone and carbonates.  
Extensive laboratory experiments have demonstrated that low salinity water can improve 
oil recovery for both sandstone and carbonate reservoirs (Sheng, 2014).  Zhang et al. (2007) 
reported that high salinity water injection into chalk formations increased oil recovery up 
to 40% original oil in place (OOIP). Lager et al. (2008) and McGuire and Chatham (2005) 
reported that low salinity water-floods could increase recovery up to 40% OOIP. In 
sandstone formations, a few field applications have also demonstrated the technology can 
further reduce residual oil saturation compared to normal water flooding (McGuire and 
Chatham, 2005; Seccombe et al., 2010; Ligthelm et al., 2009; Yousef et al., 2012). It is 
reported that the degree of oil recovery improvement relies on multicomponent ion 
exchange, clay contents, formation water composition, oil composition, and initial water 
saturation. A few mechanisms have been proposed to explain the positive effect, including: 
migration of fines (Tang and Morrow, 1999), interfacial tension reduction (McGuire  and 
Chatham, 2005), multi-component ionic exchange (Lager et al., 2008), PH driven 





expansion (Ligthelm et al., 2009), desorption of organic material from clay surface (Austad 
et al., 2010), wettability alternation (Yousef et al., 2012), mineral dissolution (Aksulu et 
al., 2012), and microscopically diverted flow (Skauge, 2008; Spildo et al., 2012).  These 
mechanisms lead to modification of rock wettability from oil-wet or intermediate/water 
wet to water wet; therefore, residual oil saturation is reduced, and ultimate oil recovery is 
improved. In other words, LSWF achieves better oil recovery by improving microscopic 
displacement efficiency.  
Oil recovery is the product of displacement efficiency (ED) and sweep efficiency 
(ES).  LSWF can increase displacement efficiency but has little or no effect on sweep 
efficiency, and PPG treatment can only be used to plug fractures or high permeable 
channels to improve sweep efficiency and has little effect on displacement efficiency. The 
research will investigate the idea of coupling PPG treatment and LSWF injection into one 
process; thus, bypassing the limitations of each method when they are used individually. It 
is expected that the combined method will improve both displacement and sweep 
efficiency and thus provide a more cost-effective EOR method. 
The objective of this study is to investigate whether the proposed method can be 
used to improve oil recovery from carbonate reservoirs. Laboratory experiments were 
conducted to evaluate the effect of four key parameters on oil recovery using designed 
carbonate fracture models, including the salinity of injection water, fracture width, 








2. MECHANISMS OF THE PROPOSED METHOD 
 
            The injection process of this integration technique can be performed in the 
sequential injection mode. PPGs are injected first to block the fractures; then, low salinity 
water is injected. The PPG block fractures to prevent low salinity water from attaining  
early breakthrough. PPG will divert low salinity water into a matrix to produce oil from 






















3.1. MATERIALS  
            3.1.1. PPGs. A super absorbent crosslinked polymer with a mesh size of 20-30 
was used as the preformed particle gel for this study. The particle was synthesized by 
a free radical process using acrylamide, acrylic acid, and N,N’-methylene-bisacrylamide  





          3.1.2. Brine. Sodium chloride (NaCl) was used to prepare different concentrations 
of brine. It was used for water flooding and to prepare the swollen PPG. Three brine 
concentrations (1, 0.1, and 0.01 wt. % NaCl) were used for the experiments. 
         3.1.3. Crude Oil.  A light crude oil (York crude oil) was used with the properties of 
API 36°, a density of 0.845 g/cc, and a viscosity of 9.25 cp. The crude oil properties were 
measured at 77 º F. The acid number was 0.3 mg / g KOH. 
         3.1.4. Carbonate Rock. Indiana limestone was obtained in the form of 24 × 92.5 
×2.5 inch3 blocks. The rock was primarily composed of calcium carbonate. The rock was 
used to prepare partial open fracture models with fracture widths of 0.2, 0.5, and 0.8 cm.  
 
 3.2. AMOTT CELL IMBIBITION TEST 
            Spontaneous imbibition tests were conducted in standard Amott cells (Figure 2) to 
evaluate the effect of salinity and wettability on oil recovery from different wettability 
limestone cores at a room temperature of 75 oF. Figure 2a shows four oil wet limestone 
cores immersed in the brines with the concentrations of 0.001%, 0.01%, 0.1%, and 1%, 
respectively. Figure 2b shows two water wet limestone cores immersed in the brine with 
NaCl concentrations of 0.01% and 1%, respectively.  Each limestone core had a diameter 
of 1 inch and a length of 2 inches. The cores were saturated with oil and placed in a vertical 
position in the Amott cells. The cores were left in the cells for 40 days until the spontaneous 
imbibition seized. Oil production volume was recorded every day to determine the oil 





                            
(a) Oil wet limestone cores                  (b) Water wet limestone cores    
 
Figure 2. Limestone core plugs in Amott cells: (a) Oil wet limestone, (b) Water wet 
limestone. 
 
3.3. FRACTURED CORE PREPARATION 
           Eight core slabs were prepared for the core flooding tests. The permeability of the 
cores was approximately 50 md. The average core porosity was approximately 19%. The 
slabs and fracture dimensions are summarized in Table 1.  
             The core properties were measured before and after treatment. The original core was 
water-wet (outcrop cores).The slabs were dried and vacuumed first, and then the wettability 
of water-wet models was altered into oil wet by Toluene and saline treatment using the 








Table 1. Core Slab Properties. 
 
 
1. The slabs were soaked into an acid base to clean them for 12 hours. 
2. The slabs were then washed using distilled water. They were left in the distilled water 
bath at ambient temperature for 12 hours. 
3. The slabs were put in the oven to dry at 257 0F for 12 hours. 
4. They were vacuumed and placed in a container and toluene was added. A 2.0 wt.% 
Octadecyl Dimethyl-dimethoxy-silane as a salinization agent was also poured into 
container 
5. Use an extraction process similar to that used by the US Bureau of Mines (USBM) and 
aged for 48 hours in an oven at 257°F to ensure that the solution saturates into all 
connected pores in the cores. 
6. The core was dried again at. 257°F for 24 hours. Then, the cores were saturated with 
crude oil and aged for 48 hours in an oven at 194°F. 
                After that, the porosity and permeability of the cores were measured to make sure 
no change in pore structure during the treatment and also measured the contact angle to 





















1 22 4.5 2 Oil-wet 15.5 0.2 13.95 26.35 
2 22 4.5 2 Oil-wet 15.5 0.2 13.95 25.42 
3 22 4.5 2 Oil-wet 15.5 0.2 13.95 25.49 
4 22 4.5 2 Water-wet 15.5 0.2 13.95 27.43 
5 22 4.5 2 Oil-wet 15.5 0.2 13.95 26.603 
6 22 4.5 2 Oil-wet 15.5 0.2 13.95 25.78 
7 22 4.5 1.5 Oil-wet 15.5 0.5 34.875 23.36 





and after treatment were almost the same, approximately 19% and 50 md, respectively. 
That means the pore structure did not change during the treatment. The contact angle was 
62o before treatment and 127o after treatment which means the core wettability changed to  
oil-wet, based on standard classification from Anderson (1986) as water-wet, 0-75o; 
intermediate-wet, 75-115o; and oil-wet, 115-180o. 
 
 3.4. FRACTURED CORE FLOOD APPARATUS  
The schematics of the setup used in these experiments are presented in Figures 3 
and 4. The model was constructed of two acrylic plates with a rubber O-ring between them. 
Bolts and nuts were used to fix the two plates, and shims were used to control the fracture 
width. A long square pocket (5 cm wide, 22.5 cm long, and 2 cm deep) was drilled in the 
center of one   plate; epoxy was used to affix a piece of the limestone slab into this pocket. 
The PPG and brine movements were visible through a transparent side of the model. In the 
plate on the fracture side, two equally spaced holes were drilled for pressure recording and 
injection/discharge; the first one was used to inject the brine and PPG and to record the 
injection pressure; the second one was drilled near the end of fracture model (as seen in 
Figure 4) to record the pressure at this point during the injection of the brine and PPG and 
to measure the pressure drop between the two holes. One hole was drilled on the other plate 
to serve as an outlet to discharge fluid from the matrix. The effluent matrix was collected 






Figure 3. Schematic diagram of the experimental apparatus. 
 
Figure 4. Schematic diagram of the semi-transparent model. 
 
3.5. EXPERIMENAL PROCEDURE 
The core flooding experiments were designed based on a sequential injection mode. 
In all experiments we followed the same procedure: 
3.5.1. First Water Flooding. In all experiments, the brine with 1% NaCl was 





process and detect any oil production from the matrix outlet. Brine was injected until 
injection pressure became stable and no oil was produced from the model. 
3.5.2. PPG Placement. PPG was swollen in a 1% NaCl and then injected through 
the fracture at a flow rate of 2 ml/min until the entire fracture was filled with PPG. PPG 
was injected into fracture at three different injection pressures. They were injected into a 
fracture until the injection pressure reached 15 psi, 100 psi, or 200 psi, depending on the 
experimental purpose.   
3.5.3. Second Water Chase. 1.0 % NaCl was injected at 2 ml/min flow rate to test 
the PPGs’ plugging efficiency and displace any movable oil. Brine was injected until the 
pressure became stable and no oil was produced from the model.  
3.5.4. Final Water Chases. An additional two cycles of low salinity water were 
performed. Water salinity was reduced to 0.1% NaCl (LSWF1) and 0.01% NaCl (LSWF2). 
These two additional cycles were injected at same flow rates of 2 ml/min. The purpose of 
these cycles was to examine the impact of this range of low water salinity on injection 
pressure and oil recovery.  
 
4. RESULTS AND DISCUSSION 
 
4.1. SPONTANEOUS IMBIBITION TEST 
Figure 5 shows six imbibition tests that were performed using two water wet cores 
and four oil wet cores. The oil recovery depended on the rock wettability and water salinity. 
Water wet cores had better oil recovery than oil wet cores. In the first two days, water wet 
cores had oil recovery of 1.3%, while the oil wet cores had the same oil recovery but after 





significantly larger than that from oil wet samples. The water-wet core imbibed in 1% NaCl 
had four times (~20%) oil recovery larger than oil recovery determined from oil-wet cores 
(5%) imbibed in same NaCl concentration. Water salinity also impacted the oil recovery; 
oil recovery increased as the water salinity decreased. Oil recovery was 5%, 7.5%, 10%, 
and 12% after cores being imbibed into NaCl concentration of 1%, 0.1, 0.01, and 0.001%, 
respectively. However, no significant effects of low salinity water on the oil recovery factor 

















Figure 5. Spontaneous imbibition test results. 
 
 
              Buckley (1996) reported that polar interaction between acid and base component in 
the oil and the mineral surface are the most important mechanism for wettability change in 
the absence of initial water saturation. Standnes and Austed (2000) reported that there is a 
correlation between the acid number (AN) and the ability to alter the wetting state of the 
porous media by spontaneous imbibition of brine using water-wet cores. They showed that 





















1.0 wt.% NaCl (Oil-Wet) 0.1 wt. % NaCl (Oil-Wet)
0.01 wt. % NaCl (Oil-Wet) 0.001 wt.% NaCl (Oil-Wet)





imbibition of water was detected even after 33 days when 1.73 mg KOH/g acid number 
was used. The acid number of our crude oil is 0.3 mg KOH/g, and this can explain why 
imbibition rate was low during first two days. So the AN will change the wettability of oil-
wet core to be weakly water-wet or intermediate-wet. 
 
4.2. COMBINITION TESTS 
        Four key factors were investigated using the sequential injection mode, including 
salinity, fracture width, wettability, and PPG placing pressure.  
4.2.1. Salinity Effect. The fracture model with a width of 0.2 cm (core ID# 1) was 
used in the investigation. Low salinity water of 0.1% NaCl and 0.01% NaCl were injected 
after the second water flooding stage (1% NaCl) to determine its effect on the oil recovery 
factor and the water residual resistance factor.  
Figure 6 illustrates water flooding and the PPG placement process. Picture (a) 
represents the first water flooding process. The PPG placement process is represented by 
pictures (b) and (c). The PPG propagated along the fracture as shown by red color, and 
filled the whole fracture. Picture (d) represents the second water flooding process. During 
this process, the fracture color changed. Some gel particles were moved and compressed 
at the end of fracture model. The second water flooding results showed that PPG was 
permeable and did not completely plug the fractures which are consistent with the results 
of Imqam et al. (2015) and Imqam and Bai (2015). This incomplete plugging helps to flow 
low salinity water into the matrix to produce more oil. 
  Figure 7 shows the injection pressure measurements and oil recovery during the 
water flooding and PPG injection. The injection pressure rose dramatically during the third 





continued to increase as the brine salinity decreased to 0.01% NaCl. The injection pressure 
became stable at approximately 70 psi during the last low salinity water flooding cycle 
(0.01% NaCl). However, during the second water flooding (1% NaCl), the injection 
pressure increased to 10 psi. The pressure profile tells that the combination of PPG and low 
water salinity would increase the blocking efficiency significantly during water flow 
through fractures. 
The oil recovery for different injection processes. The oil recovery factor after the 
first water flooding (1% NaCl) was 20.86%. During PPG treatment, the total oil recovery 
factor increased to 28.45%. After the second water flooding (1% NaCl), the oil recovery 
factor ended up at 34.14%. The increase in oil recovery occurred because PPG enforced 
water to flow into the matrix to sweep more oil. When the salinity of the injected water 
decreased to 0.1 and 0.01 wt. % NaCl, the oil recovery factor rose to 39.84% and 44.58%, 
respectively. The continuing increase in oil recovery is caused by the fact that low salinity 
water changed the core wettability from oil-wet to water-wet therefore more oil was swept 
from the matrix. PPG was sensitive to water salinity. The swelling ratio increased with the 
decrease of brine salinity. Therefore, when the salinity of the injected water decreased after 
the PPG were placed in the fracture, the PPG swelled more, and plugged efficiency was 
improved. Imqam et al. (2016) reported that the swelling ratio of preformed particle gel is 
strongly affected by water salinity. As the water salinity decreases, the gel swelling ratio 
increases significantly. For example, at a salinity of 10,000 ppm, one kind of PPG can swell 
about 40 times; but when the salinity decreases to 2,500 ppm, the same PPG can swell up 
to 200 times. PPG work well because they only enter fractures, thus reducing their 





the amount of water that can flow through the fracture. PPG lower fracture conductivity 
and force or divert the low salinity water into the matrix, allowing more oil to be recovered. 
Therefore, low salinity water flooding will enhance PPG plugging efficiency and, in turn, 
the injection pressure will increase. If end effects are important in the flooding process, the 
oil recovery should increase stepwise as the flooding rate increased (Alireza et al., 2011). 
By changing the flow rate both of normal brine and low-salinity water from 2 to 4 and 6 
ml/min., no increase in oil recovery was observed which indicated that the amount of oil 
banked up at the end of the core was low. Thus, as a conclusion, the observed combined 
PPG and low salinity effects on oil recovery appeared to be quite real and not influenced 
significantly by possible end effects (Alireza et al., 2011). 
The oil recovery from viscous flooding was higher than that from spontaneous 
imbibition because the external pressure forced water to enter the matrix during the viscous 
flood (forced imbibition) which leads to release more oil comparing with spontaneous 
imbibition. Muhammed et al. (2014) showed that the oil recovery factor was 11% by using 
spontaneous imbibition test and 40% with core flooding (viscous flood) by using the same 
concentrations of brine and surfactant. Also, the spontaneous imbibition results showed 
that the oil recovery factor from the water-wet core was around 20% while from the oil wet 
cores was around 5% with the same brine concentration (1.0 % NaCl). 
Figure 8 represents the water residual resistance factor (Frrw) during different water 
flooding cycles. Frrw is defined as the ratio of pressure drop after PPG treatment to the 
pressure drop before the PPG treatment. When the salinity of injected water decreased from 
1.0 % NaCl to 0.1, and 0.01 % NaCl, the water residual resistance factor increased from 





increased during low salinity water flooding. The reduction in fracture permeability forces 
more water diverting into the matrix and improves oil recovery. 
 
Figure 6. Water flooding and the PPGs placement process: (a) 1st water flooding, (b) and 





















Figure 7. Injection pressure profile and oil recovery factor. 
 











Figure 8. Water residual resistance factor at different brine concentrations. 
4.2.2 Fracture Width Effect. Three fracture widths of 0.2 cm, 0.5 cm, and 0.8 cm 
(core ID # 1, 7 and 8, respectively) were used to understand the effect of fracture width. 
Figure 9 shows oil recovery determined during PPG injection and water flooding. At all 
stages, cores with smaller fracture perform better than with larger fractures. PPG injection 
through smaller fracture width (0.2 cm) exhibited higher oil recovery than those larger 
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water salinity (0.1% NaCl and 0.01% NaCl), the oil recovery factor increased for all 
fracture widths and the water residual resistance factor increased with a decrease in the 
fracture width. However, Figure 10 shows the improved oil recovery factor from the core 
with fracture width of 0.2 cm was higher than that from other fracture widths during PPG, 
second water flooding, and low salinity water flooding cycles. Figure 11 indicates for 
fracture widths of 0.5 and 0.8 cm, the injection pressure rose when the water salinity 
decreased to 0.1% NaCl (LSWF1), but there was no significant increase in pressure when 
the water salinity decreased to 0.01% NaCl (LSWF2). Therefore, the water residual 



































































































Figure 11. Water residual resistance factor at different fracture widths. 
 
 
4.2.3. Wettability Effect. The cores ID # 1 and 4 in Table 1 were used to study the 
effect of wettability on PPG treatment and low salinity flooding. Figures 12 and 13 shows 
that low salinity water flooding had a greater effect in the oil-wet than in the water-wet 
cores. Overall, water-wet cores produced more oil than oil-wet cores. However, low 
salinity water flooding did not increase the oil recovery for water wet cores. During the 
injection of 0.1% and 0.01% NaCl into oil-wet cores, oil recovery increased by 
approximately 6% and 5%, respectively, but no change was observed for water-wet cores. 
Austad et al. (2010) stated that injecting low saline water can alter the reservoir wettability 
to become more water-wet. Therefore, the oil recovery factor was improved during low 
salinity water flooding in the oil-wet cores because the low salinity water flooding changed 
rock wettability from oil wet to water-wet cores. 
Figure 14 shows that water residual resistance factor increased as the salinity of the 
injection water decreased in both oil-wet and water-wet cores.  The water residual 
resistance factor was higher in water-wet than oil-wet cores during the 1% NaCl because 








































wet than oil-wet cores during the 0.1% and 0.01%NaCl flooding. One explanation could 
be that the low salinity changed the wettability of the oil-wet core to strongly water-wet so 

























































































Figure 14. Water residual resistance factor: comparison between oil-wet and water-wet 
cores. 
4.2.4. PPG Placing Pressure Effect. PPG placing pressure refers to the maximum 
pressure that was used to inject PPG for each experiment. Three PPG placing pressures (15 
psi, 100 psi, and 200 psi) were examined. Figures 15, 16, and 17 shows that the PPG placing 
pressure had a great effect on the oil recovery factor and water residual resistance factor. 
When the placing pressure increased, the oil recovery factor increased. When the 
placement pressure increased, more volume of PPG was injected through fractures. The 
increase in the PPG injection volume reduced the fracture conductivity. Both low salinity 
water flooding and PPG increased the oil recovery as PPG placing pressure increased. The 
incremental oil recovery during low salinity water flooding for the different placing 
pressures of 15, 100, and 200 psi were 10.44%, 13.16%, and 15.51%, respectively. The 
water residual resistance factor was also increased considerably as the PPG placing 
pressure increased. Frrw was 130, 236, and 386 for the PPG placing pressure of 15 psi, 100 
psi, and 200 psi, respectively. Also, more water was forced into matrix during PPG 
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4.3. FACTORIAL DESIGN ANALYSIS 
This work used a general full-factorial design method in evaluating the influence 
of PPG injection pressure, water salinity, and fracture width on oil recovery factor, and 
water residual resistance factor. The full-factorial design is a method to address two or 
more factors, each with discrete values or level, and all possible combinations of these 
levels across all factors are used to investigate the comprehensive influence of those factors 
(Bai and Zhang, 2011). The full-factorial design may also be called fully crossed design. 
Such experiments permit the study of the effects of each factor on the response variable.  
Figures 18 and 19 show a Pareto plot of the results of factorial design analysis. These 
figures show the main relationship between the factors and the response: A positive value 
indicates that the response will increase with an increase in a given parameter, and a 
negative value indicates that the response will decrease with an increase in a given 
parameter. The PPGs placed injection pressure had the most influence on the oil recovery 
factor and water residual resistance factor, and then low brine salinity and fracture width, 
respectively. Both the oil recovery factor and water residual resistance factor increased as 











Figure 18. Contrast Plot showing the effect of brine salinity, PPG-placed injection 


















Figure 19. Contrast Plot showing the effect of brine salinity, PPG-placed injection 
pressure, and fracture width on Frrw. 
 
 
5. CONCLUSIONS  
                                                                                                                                               
            A series of core flooding tests using fractured limestone core models were achieved 
to identify whether the coupled process of PPG treatment and low salinity water flooding 
can better improve oil recovery.  Four key parameters were evaluated, including the salinity 
of injection water, fracture width, wettability, and PPG-placing pressure. From our 
laboratory experiments, the results yielded the following conclusions: 
 Combining low salinity water flooding with PPGs could be a viable technique for 
improving oil recovery in fractured carbonate reservoirs. 
 The increase in PPG size (re-swelling) during low salinity water flooding allowed 
the PPG to be more efficient in reducing fracture permeability. PPG could increase 
the oil recovery from narrow fractures at much higher rates than from wide 
fractures. Imbibition and core flooding results indicated that the low salinity water 
flooding improved oil recovery significantly.  
 The PPG placing pressure affects the oil recovery factor and water residual 


















the water residual resistance factor increased. Low salinity water flooding has more 
effect on oil recovery at a higher placing pressure. 
 Full factorial design results in the ranking of selected factors on different targets. 
The PPG-placed injection pressure is the factor that strongly influences both oil 
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II. EVALUATION OF COMBINED LOW-SALINITY WATER AND MICROGEL 
TREATMENTS TO IMPROVE OIL RECOVERY USING PARTIAL 
FRACTURED CARBONATE MODELS 
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Combining two methods in one process to enhance oil recovery represents a needed 
cost savings in the oil industry. Microgels are used as conformance control agents to 
improve oil sweep efficiency and control excess water production. Low-salinity 
waterflooding (LSWF) is used as a wettability alteration agent in carbonate reservoirs and 
improves displacement efficiency. This paper offers a comprehensive understanding of the 
combined technology through laboratory experiments. The focus of this study is to see how 
microgels and low water salinity perform in porous media by creating flow resistance to 
injected fluid thereby changing the wettability and enhancing the sweep and displacement 
efficiency. This study elucidates the influence of swelling ratio, fracture width, microgel-
placed pressure, and wettability on the oil recovery factor and water residual resistance 
factor (Frrw). A set of carbonate cores from Indiana Limestone was used to evaluate the 
performance of the combined method in partially open fractures. The model was 
constructed of two acrylic plates, and microgels and brine movements were visible through 
a transparent side of the model. Result shows that oil recovery factor increases with 
swelling ratio and microgel placed pressure but decreases with the increase of fracture 





from 40% to 160% and improved by 9% when fracture width decreased from 0.8 cm to 0.2 
cm. Also, the combined method shows larger effect in the oil-wet core when compared to 
the water-wet core. Frrw increases with the increase in swelling ratio and microgel-placed 




EOR methods offer promising approaches to recover a significant portion of 
remaining oil which is about two-thirds of the oil in place and cannot be recovered by 
conventional technologies.  Excess water production and low oil production rates are two 
major issues that lead to early well abandonment and unrecoverable hydrocarbon in mature 
wells.  Preformed particle gels (PPG) conformance control, and low salinity water flooding 
are two novel EOR technologies that have recently gained favorable attention from the oil 
industry.  
Preformed particle gels have recently been developed and applied to improve the 
sweep efficiency of water flooding. PPGs are a specific kind of superabsorbent polymer. 
Their size can be controlled in nano-meter, micro-meter and also millimeter ranges.  PPGs 
are able to overcome some drawbacks inherent in an in-situ gelation system such as lack 
of gelation time control, gelling uncertainty due to shear degradation, chromatographic 
fractionation, or dilution by water formation (Chauveteau et al., 2003; Bai et al., 2007a, 
2007b). Preformed gel is formed at a surface facility before injection, and is then injected 
into a reservoir; thus, no gelation occurs in the reservoir.  These gels usually have only one 
component during injection, and little sensitivity to physico-chemical conditions in a 





al., 2007a, 2007b). Current commercially available particle gels come in various sizes, 
including micro- to milli-meter sized preformed particle gels (PPGs) (Coste et al., 2000; 
Bai et al., 2007a, 2007b, Wu & Bai, 2008), microgels (Zaitoun et al., 2007), pH sensitive 
crosslinked polymers (Al-Anazi et al., 2002; Huh et al., 2005), and swelling submicron-
sized polymers (Pritchett et al., 2003; Frampton et al., 2004). Their major differences lie in 
the particle size, swelling time, and swelling ratio. Published documents show that PPGs, 
microgels, and submicron-sized polymers have been economically applied to reduce water 
production and improve oil recovery in mature oil fields. Microgels were applied to more 
than 10 gas storage wells to reduce water production (Zaitoun et al., 2007). Submicron-
sized particles were applied to more than 60 wells (Cheung, 2007). Millimeter-sized PPGs 
can preferentially enter into fractures or fracture-feature channels while minimizing gel 
penetration into unswept zones and matrixes, and they have been applied in nearly 10,000 
wells in water floods and polymer floods worldwide to reduce the permeability of fractures 
or super-high permeability channels (Bai et al., 2013; Peirce et al, 2014).   
Low salinity water flooding (LSWF), an enhanced oil recovery method that uses 
water with a low concentration of dissolved salts as a flooding medium, has been widely 
investigated to reduce the residual oil saturation in swept areas and thus improve oil 
recovery. The encouraged effect of low salinity water on oil recovery can be traced back 
to Martin (1959). He observed an increase in oil recovery by injection of fresh water 
compared to sea water injection in sandstone core samples. However, its EOR potential 
was not recognized until Morrow and his co-workers published a series of related works 
from 1991 to 1999 (Jadhunandan and Morrow, 1991, 1995; Yildiz and Morrow, 1996; 





have investigated how water salinity and compositions affect oil recovery and their 
mechanisms for sandstone and carbonates.  Extensive laboratory experiments have 
demonstrated that low salinity water can improve oil recovery for both sandstone and 
carbonate reservoirs (Sheng, 2014).  Zhang et al. (2007) reported that high salinity water 
injection into chalk formations increased oil recovery up to 40% of the original oil in place 
(OOIP). Lager et al. (2008) and McGuire and Chatham (2005) reported that low salinity 
water-floods could increase recovery up to 40% OOIP. In sandstone formations, a few field 
applications have also demonstrated the technology can further reduce residual oil 
saturation compared to normal water flooding (McGuire and Chatham, 2005; Seccombe 
et. al., 2010; Ligthelm et al., 2009; Yousef et al., 2012). It is reported that the degree of oil 
recovery improvement relies on a multicomponent ion exchange, clay content, formation 
water composition, oil composition, and initial water saturation. A few mechanisms have 
been proposed to explain the positive effect, including: migration of fines (Tang and 
Morrow, 1999), interfacial tension reduction (McGuire  and Chatham, 2005), multi-
component ionic exchange (Lager et al., 2008), PH driven wettability change (Lager et al, 
2008; McGuire  and Chatham, 2005), double-layer expansion (Ligthelm et al., 2009), 
desorption of organic material from clay surface (Austad et al., 2010), wettability 
alternation (Yousef et al., 2012), mineral dissolution (Aksulu et al., 2012), and 
microscopically diverted flow (Skauge, 2008; Spildo et al., 2012).  These mechanisms lead 
to modification of rock wettability from oil-wet or intermediate/water wet; therefore, 
residual oil saturation is reduced, and ultimate oil recovery is improved. In other words, 





Bai et al. (2007) reported that PPG swelling capacity decreases with the increase in 
water salinity. Aalaie et al. (2009) studied the rheological and swelling behavior of semi-
interpenetrating networks of polyacrylamide and scleroglucan. The result showed than the 
swelling ratio increases with the decrease of NaCl concentration at certain scleroglucan 
concentration. Tu and Wisup (2011) investigated the effect of polymer gel swelling 
phenomenon on polymer conformance control process under reservoir conditions. They 
concluded that the polymer gels volume increases as the salinity of formation water 
decreases. Zhang and Bai (2011) studied the effect of brine concentration on PPG transport 
through open fractures. They found that PPG injectivity decreases with brine concentration. 
Bergit et al. (2016) observed that low salinity waterflooding added a benefit to the 
improved blocking capacities of an in-situ gel. Alhuraishawy et al. (2016) studied coupling 
low salinity water flooding and preformed particle gel to enhance oil recovery for fractured 
carbonate reservoir as shown in Figure1. They concluded that injecting low salinity water 
after PPGs have been placed into fracture is a viable technique for improving oil recovery 












Oil recovery is the product of displacement efficiency (ED) and sweep efficiency 
(ES).  LSW can increase displacement efficiency but has little or no effect on sweep 
efficiency. Particle gel treatment can only be used to plug fractures or high permeable 
channels to improve sweep efficiency and has little effect on displacement efficiency. The 
research will investigate the idea of coupling particle treatment and LSW mixed together 
into one process; thus, bypassing the limitations of each method when used individually. It 
is expected that the combined method will improve both displacement and sweep 
efficiency and thus provide a more cost-effective EOR method. 
The objective of this study is to investigate whether the combined method can be 
used to improve oil recovery from carbonate reservoirs. Laboratory experiments were 
conducted to evaluate the effect of four key parameters on oil recovery using designed 
carbonate fracture models, including the salinity of injection water, fracture width, 
wettability, and microgel placing pressure, which refers to the maximum pressure used to 
inject PPG for each experiment. 
 
2. MECHANISMS OF THE PROPOSED METHOD 
 
 When PPGs and low salinity water are integrated together as one EOR method, the 
microgel will preferentially enter fractures, conduits, and super-K permeability features to 
reduce their permeability and, hence, increase sweep efficiency. The low salinity water is 
squeezed into non-swept matrices so it increases displacement efficiency. Figure 2 shows 








3. MATERIALS AND APPROACH 
 
3.1. MATERIALS  
 3.1.1. Microgel. A super absorbent crosslinked polymer with a mesh size of 20–30 
was used as the preformed particle gel for this study (Figure 3). The particle was 
synthesized by a free radical process using acrylamide, acrylic acid, and N, N’-
methylene-bisacrylamide.  
 3.1.2. Brine. Sodium chloride (NaCl) was used to prepare different concentrations of 
brine. It was used for water flooding and to prepare the swollen PPG. Three concentration 
brines (one normal brine, 1.0% NaCl and two LSW, 0.1 and 0.01 % NaCl) were used for 
the experiments. 
 3.1.3. Crude Oil.  A light crude oil was used with the properties of API 36°, a 
density of 0.845 g/cc, and a viscosity of 9.25 cp. 
 3.1.4. Carbonate Rock. Indiana Limestone provided specimens in the form of 24 × 
92.5 × 2.5 inch3 blocks. The rock was primarily composed of calcium carbonate and was 
























Figure 3. Microgel before and after being swollen in brine solution. 
 
3.2. EXPERIMENTAL SET UP 
 3.2.1. Fractured Core Preparation. Nine core slabs, with partial open fracture, were 
prepared for the core flooding tests. The permeability of the cores was measured 
approximately 50 md. The average core porosity was calculated approximately 19%. The 
fracture was between the core slab and the acrylic plate .The total pore volume is the sum 
of matrix pore volume and fracture volume. The core slabs and fracture dimensions are 
summarized in Table 1.  
           The cores were dried and vacuumed first and then the wettability of oil-wet models 
was altered by toluene and saline treatment using the following procedure (Farage et al., 
2014): 
1. The cores were soaked into an acid base to clean them for 12 hours. 
2. The cores were then washed using distilled water. They were left in the distilled water 
bath at ambient temperature for 12 hours. 







4. They were vacuumed and placed in a container and toluene was added. A 2.0 wt.% 
Octadecyl Dimethyl-dimethoxy-silane as a salinization agent was also poured into 
container 
5. An extraction process was used similar to that used by the US Bureau of Mines 
(USBM) and cores were aged for 48 hours in an oven at 257°F to ensure that the solution 
saturates into all connected pores in the cores. 
6. The cores were dried again at. 257°F for 24 hours. Then, the cores were saturated 
with crude oil and aged for 48 hours in an oven at 194°F. 
 






The contact angle was measured to confirm the wettability of the model was 
changed. The initial contact angle was 72 ̊ while it became 126 ̊ after altering the 
wettability. Water-wet, 0-75; intermediate-wet, 75-115; and oil-wet, 115-180 (Anderson, 
1986). 
3.2.2. Fractured Core Flood Apparatus. The schematics of the setup used in these 
experiments are presented in Figures 4 and 5. The model was constructed of two acrylic 

























1 22 4.5 2 Oil-wet 15.5 0.2 13.95 26.35 
2 22 4.5 2 Oil-wet 15.5 0.2 13.95 25.42 
3 22 4.5 2 Oil-wet 15.5 0.2 13.95 25.49 
4 22 4.5 2 Water-wet 15.5 0.2 13.95 27.43 
5 22 4.5 2 Oil-wet 15.5 0.2 13.95 26.603 
6 22 4.5 2 Oil-wet 15.5 0.2 13.95 25.78 
7 22 4.5 1.5 Oil-wet 15.5 0.5 34.875 23.36 
8 22 4.5 1.2 Oil-wet 15.5 0.8 56 15.9 





and shims were used to control the fracture width. A long square pocket (5 cm wide, 22.5 
cm long, and 2 cm deep) was drilled in the center of one   plate; epoxy was used to affix a 
piece of the limestone slab into this pocket. One end of fracture was closed by a small piece 
of limestone slab.  The PPGs and brine movements were visible through a transparent side 
of the model. In the plate on the fracture side, one hole was drilled for pressure recording 
and injection. It was used to inject the brine and PPGs and to record the injection pressure 
(as seen in Figure 5). One hole was drilled on the other plate to serve as an outlet to 
discharge fluid from the matrix. The matrix effluent matrix was collected using test tubes. 
The model had only one outlet.  
Figure 4. Schematic diagram of the experimental apparatus. 





3.3. EXPERIMENTAL APPROACH 
3.3.1. Swelling Ratio Measurement. Three different concentration brines s (1.0, 0.1, 
and 0.01 % NaCl) were used to swell the microgel. For each sample, the dry microgel 
powder (Wd) was put into a 50ml test tube filled with different concentration brines at room 
temperature as shown in Figure 6. Interface level between the brine portion at the bottom 
of test tube which contain the microgel (where the microgel form) and the brine on top 
were monitored and recorded up to the swelling as zero. At that point the swollen-gels were 
removed from the liquid and then the final weight was measured and recorded (Ws). The 
swelling ratio was calculated using Eq.1.  
                                          Swelling ratio =
𝑊𝑠−𝑊𝑑
𝑊𝑑
                                                           (1) 
The results show that the swelling capacity (swelling ratio) increased as the salinity 

























3.3.2. Experimental Procedure. The core flooding experiments were designed based 
one a co-injection mode, and the procedures are given as follow:  
3.3.2.1. First water flooding. The brine with 1% NaCl was injected into the 
fracture at the flow rate of 2.0 ml/min to simulate a secondary recovery process and any 
oil production was detected from the matrix outlet. Brine was injected until injection 
pressure became stable and no oil was produced from the model. 
 3.3.2.2. Microgel placement. PPGs were swollen in a 1, 0.1, and 0.01% NaCl and 
then injected through the fracture at a flow rate of 2 ml/min until the entire fracture was 
filled with PPGs. Keep PPG injected into a fracture until injection pressure reached 15 psi.   
 3.3.2.3. Second water chase. 1.0 % NaCl was injected at 2 ml/min to test the PPGs’ 
plugging efficiency and displace oil. Brine was injected until pressure became stable and 
no oil was produced from the model. Table 2 summarized core number, injection pressure 
plateau, how many fracture volumes required to reach plateau and the experimental 
purpose. 
Table 2. Core Slab Properties. 
 
*Core # 1 was used to study the effect of swelling ratio with cores # 2 and 3, effect of fracture width with cores # 5 and 6, effect of 














1٭ 15 Oil-wet Swelling ratio, Fracture width, Wettability, and PPG placed 
pressure 
2 15 Oil-wet Swelling ratio 
3 15 Oil-wet Swelling ratio 
4 15 Water-wet Wettability 
5 15 Oil-wet Fracture width 
6 15 Oil-wet Fracture width 
7 100 Oil-wet PPG placed pressure 
8 200 Oil-wet PPG placed pressure 





4. RESULTS AND ANALYSIS 
 
 
           Sensitivity analysis is one of the important practices in the engineering calculation 
as a tool to figure out the most important parameters controlling a process (Zendehboudiet 
et al., 2011; Montgomery, 2008). Therefore, the objective of this section is to evaluate the 
effects of various influencing parameters such as swelling ratio, fracture width, wettability, 
and microgel-placed pressure on the oil recovery and water residual resistance factor for 
partial open fracture. 
 
4.1. SWELLING RATIO EFFECT 
 Cores No. 1, 2 and 3 in Table 1 were used to study the effect of swelling ratio on 
microgel treatment.  Figure 7 shows the oil recovery change during the flooding process. 
Figure 8 summarize the oil recovery improvement during PPG injection and second water 
flooding processes. It can be seen that the oil recovery was almost the same for the three 
models during first waterflooding while the recovery increased with the swelling ratio 
during microgel injection and second water flooding process. During microgel injection, 
the oil recovery was improved by 12% for high swelling ratio microgel prepare by 0.01% 
NaCl while it was improved by 3.8% for low swelling ratio microgel prepared by 1.0% 
NaCl  he oil recovery can be further improved from 9.5 to 11.5% during the second 
waterflooding process.  
Figure9 show the injection pressure change during the flooding processes. The 
injection pressure during the first water flooding were nearly negligible (0.1 psi). These 
low pressures occurred because the water flowed only through fracture without any 
restriction.  During PPG injection, the injection pressure increased significantly to 15 psi 





directly after PPG was placed in the fracture without stopping between floods. The 
injection pressure during the second water flooding process started to decline until it 
reached to be stable at 5 psi for PPG swelling in 1% NaCl. The injection pressure became 
stable at 5 psi. Injection pressure recorded for other experiments (0.1 and 0.01 % NaCl) 
show when the swelling ratio increased, the injection pressure rose due to the increase in 
the PPGs’ size. At low water salinity, the PPGs were more deformable because the gel 
strength decreased as water salinity decreased and efficiently reduced the permeability of 
the fracture. This resulted in increased water residual resistance (Figure10); in turn, more 
brine solution was diverted into the matrix and more oil was recovered. The residual 
resistance factor (Frrw) was calculated based on the following equation: 
                                                  𝐹𝑟𝑟𝑤 =
𝛥 𝑃 𝑎𝑓𝑡𝑒𝑟 𝑔𝑒𝑙
𝛥 𝑃 𝑏𝑒𝑓𝑜𝑟𝑒 𝑔𝑒𝑙
                                                      (2) 
Where Frrw is the water residual resistance factor, and Δp is the brine injection stable 
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Figure 9. Injection pressure measured during water flooding and PPG injection at 
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Figure11 illustrates water flooding and the PPG placement process. Picture (a) 
represents the first water flooding process. The PPGs placement process is represented by 
pictures (b) and (c). The PPG propagated along the fracture to fill in the whole fracture. 
Picture (d) represents the second water flooding process shown by red color. During this 
process, the fracture color changed. Some gel particles were moved and compressed at the 
end of fracture model. 
Figure 11. Water flooding and the PPGs placement process: (a) 1st water flooding, (b) 





4.2. FRACTURE WIDTH EFFECT 
Cores No. 1, 7 and 8 in Table 1 were used to study the effect of fracture width on 
microgel treatment. The microgel swelled in 0.01% NaCl solution was used to understand 
the effect of fracture width. The oil recovery factor was 21.6%, 17.9%, and 16.3% at 0.2cm, 
05cm, and 0.8cm fracture width, respectively, during first waterflooding. Figure 12 shows 
oil recovery was varied based on the fracture width during microgel injection and water 
flooding. Microgel injection through smaller fracture width (0.2 cm) exhibited higher oil 
recovery than the others.  
Figure 13 shows the improved oil recovery factor where the model with a fracture 
width of 0.2 cm was higher than that from other fracture widths during microgel injection 
(12%, 11%, and 8%). However, the improved oil recovery during the second waterflooding 
was almost the same for all fracture widths (close to 11%) because they had the same 
salinity effect (i.e., the microgel swelled in 0.01% NaCl for all fracture widths). Figure 14 
shows the results of Frrw for fracture widths of 0.2, 0.5, and 0.8 cm. The injection pressure 
rose during the second waterflooding when the fracture width decreased. Therefore, the 
water residual resistance factors related to the oil recovery factor increased as fracture 
width decreased at certain swelling ratios. 
 Additionally, effluent brine concentration was measured for each 0.5 pore volume 
injected, as shown in Figure 15. The results show that the smallest fracture width resulted 
in the lowest effluent brine salinity during microgel placement. That might be because the 


































































































































Figure 15. Effluent brine concentration at different fracture widths. 
 
 
4.3. WETTABILITY EFFECT 
Cores No. 1, 4 and 9 in Table 1 were used to study the effect of wettability on 
microgel treatment. The water-wet core samples exhibited higher oil recovery factor 
(29.8%) than oil-wet core samples (21.6%) during first waterflooding. Figures 16 and 17 
(cores 1 and 4) show that injecting PPG and a low salinity solution as a mixed process had 
a great effect on both oil-wet and water-wet cores. Overall, water-wet cores produced more 
oil than oil-wet cores. However, the improved oil recovery during PPG injection from oil-
wet and water-wet core blocks were close (12% and 13%, respectively). Austad et al. 
(2010) stated that injecting low saline water can alter the reservoir wettability to become 
more water-wet. Therefore, the oil recovery factor improved at the same percentage from 
the different wettability cores during PPG injection. Also, the oil recovery factor was 
improved by 17% during second waterflooding from water-wet core sample while it was 




































































Figure 17. Improved oil recovery factor at different core wettability. 
One more experiment was achieved by mixing PPG and 1.0% NaCl to study the 
swelling ratio effect on oil recovery in water-wet rocks. The results show that PPG and 
0.01% NaCl mixed together and injected in one process exhibited higher oil recovery 
(60%) than the PPG and 1.0% NaCl mixture (58%) as shown in Figure 18 and this is a 
small difference. The reason is the PPG and 0.01% NaCl combination resulted in high 
swelling ratio caused more water was forced into matrix which in turn improved oil sweep 





























































that a high swelling ratio results in a higher improved oil recovery than a low swelling ratio 
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4.4. PPG PLACING PRESSURE EFFECT 
PPG placing pressure refers to the maximum pressure that was used to inject PPG 
for each experiment. Three PPG placing pressures (15 psi, 100 psi, and 200 psi) were 
examined using the cores# 1, 7, and 8 in Table 2. Figures 20–22 show that the PPG placing 
pressure had a great effect on the oil recovery factor and water residual resistance factor. 
When the placing pressure increased, the oil recovery factor increased. When the 
placement pressure increased, a higher volume of PPG was injected through fractures. The 
increase in the PPG injection volume reduced the fracture conductivity. The incremental 
oil recovery during PPG placement for the different placing pressures of 15, 100, and 200 
psi were 11.8%, 14.14%, and 18.54%, respectively. Also, the oil recovery during second 
waterflooding was improved by 23% at 200 psi PPG placing pressure. During the second 
waterflooding, oil recovery results continued to improve by 11.49% and 19.69% at 15 psi 
and 100 psi, respectively. The water residual resistance factor also increased considerably 
as the PPG placing pressure increased. Frrw was 170, 266, and 397 for the PPG placing 
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Figure 22. Water residual resistance factor at different PPG placed injection pressure. 
 
Then, the effluent brine concentration was measured as shown in Figure 23. The 
results show that the highest PPG placing pressure resulted in the least effluent brine 
concentration during a PPG placement. That might be because the PPG released more brine 































































































5.1. FIRST WATERFLOODING 
            Smaller fracture width (0.2 cm) resulted in higher oil recovery than others during 
first waterflooding process. The oil recovery factor was 21.6%, 17.9%, and 16.3% at 
0.2cm, 05cm, and 0.8cm fracture width, respectively, due to fracture width effect. The 
presence of fractures dramatically influences the flow of fluids in a reservoir because of 
the  large  contrast  in  transmissibility  between  the  fracture  and  the  matrix.  High 
permeable fractures carry most of the flow (Martin A. Ferno, 2012).The water-wet core 
samples exhibited higher oil recovery factor (29.8%) than oil-wet core samples (21.6%) 
during first waterflooding, which is consistent with the observation from  Morrow (1990); 







































5.2. PPG PLACEMENT 
            The results showed that oil recovery improvement during PPG injection because 
the swelling capacity (swelling ratio) increased as the brine concentration decreased. A 
large amount of water was forced into matrix when the PPG swelled in low water salinity 
(high swelling ratio) due to high swelling ratio. When the amount of water that was forced 
into matrix increased, the sweep efficiency increased and, in turn, oil recovery improved. 
Because these large amount of water that was forced into matrix was low-salinity water, 
the wettability of matrix was changed to be more water wetness and resulted in improved 
displacement efficiency. Therefore, Combining PPGs with low-salinity water might be 
improved both sweep and displacement efficiency. The improved oil recovery where a 
fracture width of 0.2 cm was higher than that from other fracture widths during microgel 
injection because the smaller fracture width resulted in higher resistance to water flow. For 
oil-wet core samples, Figure 7 showed the low-salinity water had a significant effect on oil 
recovery factor during PPG injection. The oil recovery was improved by 11.8% when low-
salinity water used to swell the PPG while it was improved by 3.8% when normal brine 
used to swell the PPG. So the differences in the improvement of oil recovery was 8% when 
low-salinity and normal brine were used.  
For water-wet core samples, Figure 18 showed the low-salinity water had no significant 
effect on oil recovery factor during PPG injection. The oil recovery was improved by 13% 
when low-salinity water used to swell the PPG while it was improved by 11% when normal 
brine used to swell the PPG. So the differences in the improvement of oil recovery was 3% 





improving in sweep efficiency and there was no effect for low-salinity water on wettability 
alteration because the core sample was water-wet. 
Six imbibition tests were performed using two water wet cores and four oil wet 
cores, as shown in Figure24. The oil recovery depended on the rock wettability and water 
salinity. Water wet cores had better oil recovery than oil wet cores. In the first two days, 
water wet cores had oil recovery of 1.3%, while the oil wet cores had the same oil recovery 
but after 3 days. Throughout 40 days, oil recovery determined from the water-wet samples 
was significantly larger than the oil recovery determined from oil- wet samples. Water-wet 
core imbibed in 1% NaCl had four times (~20%) oil recovery larger than oil recovery 
determined from oil-wet cores (5%) imbibed in same NaCl concentration. Water salinity 
also impacted the oil recovery; oil recovery increased as the water salinity decreased. Oil 
recovery was 5%, 7.5%, 10%, and 12% after cores being imbibed into NaCl concentration 
of 1%, 0.1, 0.01, and 0.001%, respectively. However, no significant effects of low salinity 
water on the oil recovery factor was observed for the water-wet cores. D.C. Strand (2001) 
showed that only 3.4 % of OOIP was produced after 1 day. He reported that the time delay 
before the imbibition initiated was expected to be due to high adsorption of surface-active 
material at the boundary of the core. Increased water-wetness inside the core implied faster 
imbibition at a later stage in the imbibition process. Also, the oil recovery during viscous 
flooding was higher than spontaneous imbibition because during the viscous flood, the 
external pressure was to force the water to imbibe inside the matrix (forced imbibition) 
which leads to release more oil drops comparison with spontaneous imbibition. 
From the above results, we can conclude that combined PPG with low-salinity 





while they improved only sweep efficiency in oil-wet core samples. PPG placing pressure 
had a significant effect on the oil recovery factor. When the placement pressure increased, 
the fracture conductivity decreased, and higher volume of water was forced into matrix 

















Figure 24. Spontaneous imbibition test results. 
 
 
5.3. SECOND WATERFLOODING 
            The oil recovery increased more when microgel swelled in low water salinity filled 
the fracture than others during the second waterflooding due to gel strength effect. At high 
swelling ratio, the PPGs were more deformable because the gel strength decreased as water 
salinity decreased and efficiently reduced the permeability of the fracture. This resulted in 
increased water residual resistance and, in turn, more brine solution was diverted into the 
matrix and more oil was recovered. The higher oil recovery was improved from water-wet 
core sample than that from oil-wet core sample during the second waterflooding because 
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much as PPG placed pressure. The water residual resistance factor also increased 
considerably as the PPG placing pressure increased. Therefore, the fracture conductivity 
decreased and more water were diverted to matrix resulted in improved oil recovery.  
When gel particles placed in the fracture, both low salinity gel and high salinity gel, the gel 
pressurized until the injection pressure reached 15 psi (in some experiments 100 and 200 
psi). Therefore the gel particles will loss most of the water and those sizes will be decreased 




                                                                                                                                        
             A series of core flooding tests using fractured limestone core models identified 
whether the couple process of PPG treatment and low salinity water flooding can improve 
oil recovery during mixing injection method.  Four key parameters were evaluated, 
including the swelling ratio, fracture width, wettability, and PPG-placing pressure. The 
results yielded the following conclusions: 
 Combining PPGs with low water salinity as a mixed mode is a viable technique for 
improving oil recovery in fractured carbonate reservoirs. 
 The increase in PPG size (swelling ratio) during PPG placement allowed the PPGs 
to more efficiently reduce fracture permeability. PPGs can increase oil recovery 
from narrow fractures at much higher rates than from wide fractures.  
 Core flooding results indicated that the combining method (PPG with low water 
salinity in one process) improved oil recovery significantly from both oil-wet and 





 PPG placing pressure affects the oil recovery factor and water residual resistance 
factor. When the placing pressure increases, the oil recovery factor and the water 
residual resistance factor increases. The combined method has more effect on oil 
recovery at a higher placing pressure. The highest PPG placed pressure was a result 
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 Modified waterflooding is a process in which the ionic composition of injected 
water is altered to improve oil recovery. Recently, extensive studies on crude oil, brine, 
and rock systems reported that the composition of injected water can change rock 
wettability during waterflooding. Carbonate reservoirs are mixed or oil wet reservoirs and 
most of these reservoirs are fractured, resulting in low oil recovery. In the last decade, 
many researchers conducted laboratory experiments to evaluate gel treatment in fractured 
models. The objective of this study is to examine the effects of sulfate ion concentration 
and low salinity water (diluted seawater) on improving oil recovery in fractured and 
nonfractured reservoirs when combined with microgel treatment. Four key parameters 
were examined: increased sulfate ion concentration, a degree of seawater dilution, fracture 
width, and matrix permeability. Three models were designed and tested in this work: 
nonfracture, fully-open fracture, and partially-open fracture model. Three different sulfate 
ion concentrations (typical seawater and that which was doubled and then tripled in sulfate 
ion concentration) and low salinity water that had been diluted 10 and 100 times were 
applied as waterflooding processes in two fracture widths (0.5 mm and 1 mm) with two 





was swollen in typical seawater and injected in the fractured model to block the fractures 
and divert the brine into the matrix. The results show that increased sulfate ion 
concentration and diluted seawater can improve oil recovery by changing core wettability 
towards water-wet conditions. We also found that diluted seawater can improve both 
displacement and sweep efficiency while increased sulfate ion concentration only improves 
displacement efficiency when applied after gel treatment in both fully open fractures and 
partially open fractures. Therefore, diluted seawater can improve plugging efficiency but 
sulfate ions cannot. Increased sulfate ion concentration followed by diluted sea water with 
microgel-filled fractures might be a viable technique to improve oil recovery in fractured 
carbonate reservoir. The sulfate ion concentration effects decrease as fracture width 
increases and matrix permeability decreases. Also, the diluted seawater effects decrease as 
matrix permeability decreases. Combining microgel with sulfate ion concentration results 
in higher oil recovery than combining microgel with low salinity water in fully open 
fracture. However, combining microgel with low salinity water showed highest oil 




            Approximately two-thirds of the oil in place cannot be recovered by conventional 
technologies. Thus, enhanced oil recovery (EOR) methods are required to recover a 
sizeable portion of the remaining oil. Mature wells are often abandoned due to low oil 
production rates or high water production rates. To recover this otherwise unrecoverable 
hydrocarbon, two new EOR technologies are now being widely used: preformed particle 





            Within the past two decades, there has been an increase in use of preformed particle 
gels to improve the sweep efficiency of waterflooding. PPGs are composed of a specialized 
superabsorbent polymer. PPGs can be as small as nanometers or as large as millimeters. 
The use of PPGs solves some problems inherent in an in-situ gelation system. These 
include a lack of gelation time control, gelling uncertainty due to shear degradation, 
chromatographic fractionation, or dilution by formation water (Chauveteau et al., 2003; 
Bai et al., 2007a, 2007b). PPGs are manufactured at a surface facility prior to injection. 
They are later injected into the reservoir. Therefore, gelation does not occur in the reservoir. 
Particle gels are available commercially in many sizes: micro- to millimeter-sized PPGs 
(Coste et al., 2000; Bai et al., 2007a, 2007b; Wu and Bai, 2008), microgel (Zaitoun et al., 
2007), pH-sensitive crosslinked polymers (Al-Anazi et al., 2002; Huh et al., 2005), and 
swelling submicron-sized polymers (Pritchett et al., 2003; Frampton et al., 2004). PPGs 
differ greatly in their particle size, swelling time, and swelling ratio. These gels usually 
have only one problem during injection which is their slightly sensitive to a reservoir’s 
physicochemical conditions (e.g., pH, salinity, multivalent ions, hydrogen sulfide, and 
temperature) (Bai et al., 2007a, 2007b).  The literature reveals that PPGs, microgel, and 
submicron-sized polymers are all cost-effective alternatives that reduce water production 
and improve oil recovery in mature oil fields. Zaitoun et al. (2007) demonstrated that 
microgel applied to 10 gas storage wells could decrease water production. Cheung (2007) 
effectively used submicron-sized particles in more than 60 wells. PPGs can preferentially 
penetrate fractures or fracture-like channels while diminishing gel penetration into unswept 
zones and matrices when millimeter-sized particle gels are used. Worldwide, PPGs have 





decrease the permeability of fractures or of super-high permeability channels (Bai et al., 
2013; Peirce et al., 2014).  
            LSWF has been researched extensively because of its potential to decrease the 
residual oil saturation in swept areas. Martin (1959) was the first to describe the effect of 
low salinity water on oil recovery. Using sandstone core samples, he compared an injection 
of seawater to that of freshwater, finding that oil recovery rose more after the injection of 
freshwater. However, the potential of LSWF was not established until the work of Morrow 
et al., published from 1991 to 1999 (Jadhunandan and Morrow, 1991, 1995; Yildiz and 
Morrow, 1996; Tang and Morrow, 1997, 1999). After that seminal work, research was 
conducted by numerous corporations and other groups to discover the relationship between 
water salinity and oil recovery, especially as it relates to sandstone and carbonates. 
Numerous laboratory studies have confirmed that LSWF can increase oil recovery in 
sandstone and carbonate reservoirs (Sheng, 2014). Studies by McGuire and Chatham 
(2005), Zhang et al. (2007), and Lager et al. (2008) found that injecting low salinity water 
into chalk formations led to oil recovery increase of up to 40 percent of OOIP. LSWF can 
further decrease residual oil saturation when compared to normal waterflooding in 
sandstone formations (McGuire and Chatham, 2005; Seccombe et al., 2010; Ligthelm et 
al., 2009; Yousef et al., 2012). The positive effects of LSWF have been attributed to 
numerous factors: (1) the migration of fines (Tang and Morrow, 1999), (2) interfacial 
tension reduction (McGuire and Chatham, 2005), (3) multicomponent ionic exchange 
(Lager et al., 2008), (4) pH-driven wettability change (Lager et al., 2008; McGuire and 
Chatham, 2005), (5) double-layer expansion (Ligthelm et al., 2009), (6) desorption of 





(Yousef et al., 2012), (8) mineral dissolution (Aksulu et al., 2012), and (9) microscopically 
diverted flow (Skauge 2008; Spildo et al., 2012). All of these measurements modify rock 
wettability from oil-wet or intermediate/water-wet. The result is that residual oil saturation 
decreases, improving total oil recovery. Hence, enhanced oil recovery is achieved by 
LSWF because it improves the microscopic displacement efficiency. Even though Yousef 
et al. (2011) used more than 57670 ppm as their base brine, Morrow and Buckley (2011) 
reported a low salinity effect for brine compositions of up to 5,000 ppm. For LSW at Sor, 
injection waters with compositions in the range of 2,000 to 3,000 ppm have been used in 
field tests. Also, Kasmaei et al. (2014) used 10780 ppm (1.078%) as base salinity. They 
used dolomite reservoir cores from Kocurek Industries to represent carbonate reservoir 
rock. Webb et al. (2005a) concluded that to get a low-salinity benefit the salinity should be 
as low as 4000 ppm. Adeel et al. (2016) reported that after primary production, advanced 
waterflooding was applied. They also noted that advanced waterflooding was drawing 
industry attention because it is an economical process and requires little additional surface 
facilities, resulting in low capital investment and operating costs. Baptist, Sweeney, 
Morrow and co-workers were the first researchers to describe this method. RezaeiDoust et 
al. (2009) verified that carbonate rocks can obtain water wetness by seawater, resulting in 
improved oil recovery by both spontaneous imbibition and forced displacement at high 
temperatures. They verified that Ca2+, Mg2+, and SO4
2−  were the active ions in the 
wettability alteration process. Zhang and Bai (2011) studied the effect of brine 
concentration on PPG transport through open fractures. They found that PPG injectivity 
decreased with brine concentration. Bergit et al. (2016) observed that low salinity 





Alhuraishawy et al. (2016) studied coupling low salinity water flooding and preformed 
particle gel to enhance oil recovery for partially fractured carbonate reservoir using 1.0% 
NaCl as base brine. They concluded that injecting low salinity water after PPGs have been 
placed into fracture is a viable technique for improving oil recovery in fractured carbonate 
reservoirs.  
Displacement efficiency can improve by modified seawater (increased sulfate ion 
concentration and diluted seawater) and sweep efficiency can improve with microgel 
treatment. Oil recovery is the product of displacement efficiency (ED) and sweep 
efficiency (ES).  This study will examine the effect of microgel treatment followed by the 
use of modified seawater; thus, bypassing the limitations of each method when used 
individually. A cost-effective EOR method is possible by improving both displacement 
and sweep efficiency. The objective of this study is to examine the effects of sulfate ion 
concentration and low salinity water (diluted seawater) on improving oil recovery in 
fractured and nonfractured reservoirs. Four key parameters were examined: 1) increased 
sulfate ion concentration, 2) degree of seawater dilution, 3) fracture width, and 4) matrix 
permeability. Three models were designed in this work: a nonfractured, fully open fracture, 
and partially open fracture model. 
 
2. MATERIALS AND APPROACH 
 
2.1. MATERIALS 
 2.1.1. Microgel. 425 µm of commercial super absorbent crosslinked polymer was 
used as the preformed particle gel for this study (Figure 1). The particle was synthesized 





bisacrylamide. Microgel was swollen in sea water until the gel became fully swollen. 
The fully swollen gel was separated from the free sea water prior to injection. The ratio 
of the difference between the initial weight of dry gel and the final weight of fully 
swollen gel divided by the initial weight of dry gel was used to determine the gel 
swelling ratio (Table 1). 
  2.1.2. Brine. Two common brines (formation water and sea water), two preparations 
of sulfate-enriched sea water and two preparations of diluted seawater (Table 1) were used 
in this work. The formation water (Crabtree et al., 1999) was used to simulate initial water 
saturation (Swi) while sea water was used to prepare the swollen PPG and for 
waterflooding. 
        2.1.3. Crude Oil. A light crude oil was used with the properties of API 39°, a 
density of 0.845 g/cc, and a viscosity of 5.88 cp at 45 °C. 
  2.1.4. Carbonate Rock. Outcrop Indiana Limestone cores blocks were used in the 















Table 1. Brine concentrations used in the experiments. 
Salt 
*Common formation 
water and seawater 
compositions 
















BaCl2   0.478 0 0 0 0 0 
CaCl2  13.951 1.185 1.185 1.185 0.119 0.012 
SrCl2   2.345 0 0 0 0 0 
MgCl2  3.177 11.466 11.466 11.466 1.147 0.115 
KCl   1.247 0.877 0.877 0.877 0.088 0.009 
NaCl 78.363 19.269 14.822 10.705 1.927 0.193 
Na2SO4   0 4.377 8.754 13.130 0.438 0.044 
TDS 99.56 37.174 37.104 37.364 3.717 0.372 
Salinity, % 9.956 3.7174 3.7104 3.7364 0.3717 0.0372 
Gel swelling 
ratio 
 32 32 32 120 180 
*(Crabtree et al., 1999) 
 
2.2. EXPERIMENTAL SET UP AND PROCEDURE 
  Three apparatus models, nonfracture, fully open fracture, and partially open 
fracture models, were designed to evaluate the effects of modified seawater and low 
salinity water on improving oil recovery and plugging efficiency. Furthermore, additional 
experiments were performed to understand how modified seawater and low salinity water 
could improve displacement and sweep efficiency. However, no ions measurement were 
made in this study. The cores were dried and vacuumed first and then the wettability cores 
were altered toward oil-wet by toluene and saline treatment using the following procedure 








1. The cores were soaked in an acid base to clean them for 12 hours. 
2. The cores were then washed using distilled water. They were left in the distilled water 
bath at ambient temperature for 12 hours. 
3. The cores were put in an oven to dry at 257 °F for 12 hours. 
4. They were vacuumed and placed in a container. Toluene was added, and a 2.0 wt. % 
Octadecyl Dimethyl-dimethoxy-silane was also poured into the container. 
5. An extraction process was used, same to that used by the US Bureau of Mines (USBM), 
and cores were aged for 48 hours in an oven at 257 °F to ensure that the solution (in 
#4) saturated into all of the cores’ connected pores. 
6. The cores were dried again at. 257 °F for 24 hours. After that, the porosity and 
permeability of the cores were measured to make sure no change in pore structure 
occurred during the treatment. 
7. The cores were vacuumed and saturated with formation water and calculate pore 
volume. Since the core has already been saturated with formation water, crude oil was 
injected to simulate initial water saturation (Swi) and initial oil saturation (Soi).The 
cores were aged for 48 hours in an oven at 194°F.After that, saw was used to create a 
uniform fully open and partially open fractures in the prepared cores to simulate a 
fracture model. 
            To confirm that the wettability of the model had changed, the contact angle was 
measured. The initial contact angle was 62°, but after altering wettability, it was 129° as 
shown in Figure2. Final wettability measurements varied according to the type, i.e., water-
wet, 0-75°; intermediate-wet, 75-115°; and oil-wet, 115-180° (Anderson, 1986). The cores 






Figure 2. Contact angle measurement (a) before change the wettability (water-wet core), 
and (b) after change the wettability (oil-wet core). 
 
Table 2. Cores dimensions and properties used in the experiments. 
2.2.1. Nonfracture Model Description. A nonfracture model with the same cores 
properties was designed to understand the effect of modified seawater flooding and low 
salinity waterflooding on improved oil recovery during waterflooding process. Figure 3 
sketches the schematic of the nonfracture model used to conduct the experiment. The 
model contains the core holder that was used to hold the core with confining pressure. A 
syringe pump was used to inject brine into core rocks. The flooding system can handle 
injection pressure up to 9500 psi and a temperature up to 50 °C. The steps for the 
experiments are summarized as follows: 
 
Exp. No. 







 % Length (cm) DI (cm) 
1 10.1 5 14.43 19.82 22.5 77.5 
2 10.2 5 14.66 20.20 23 77 
3 10.3 5 14.80 19.41 23.5 76.5 
4 10.1 5 14.44 19.93 23.6 76.4 
5 10.1 5 14.30 19.20 24 76 
6 10 5 15.20 2.44 20 80 
7 10 5 15.24 2.44 19.5 80.5 
8 10 5 15.6 2.42 20.6 79.4 
9 10 5 15.4 2.47 20 80 
Water 
θ = 62º 
(a) 
Water 








 Inject seawater into a nonfractured model at 0.5 ml/min flow rate. Collect 
effluent brine and crude oil to calculate oil recovery factor. 
 When injection pressure stabilizes, and there is no more oil recovery, dilute 
the seawater 10 times to collect more oil until the injection pressure 
stabilizes, which effectively stops oil recovery. 
 Dilute seawater 100 times and calculate the overall oil recovery factor. 
Experiment#2: 
            One more experiment was conducted following the above steps, except we 
increased the SO4 
−2 concentration two and three times, respectively, in the injected 
seawater (modified seawater). Table 3 summarizes the injection sequences. 
Figure 3. Nonfracture model experiment setup. 
 
2.2.2. Fully Open Fracture Model Description. A fully open fracture model with 
different fracture widths and matrix permeabilities was designed to investigate the effect 





efficiency, sweep efficiency and plugging efficiency after gel was placed inside the 
fracture. Figure 4 illustrates the heterogeneity model with a fully open fracture. The 
injection procedure for this model is summarized as follows: 
Experiment#3: 
 Inject seawater at 0.5 ml/min flow rate to simulate first waterflooding until 
the injection pressure stabilizes and no more oil comes out. 
 Inject the microgel particles swollen in seawater into the fracture model at 
0.5 ml/min flow rate to block the fracture. When microgel starts to produce 
oil, switch to the second waterflooding step. 
 The second waterflooding step is to first place the gel inside the fracture; 
then, inject seawater at 0.5 ml/min to investigate the plugging efficiency. 
When the injection pressure stabilizes, and there is no more oil recovery, 
dilute seawater 10 and 100 times, respectively. More oil from dilution 
seawater will be collected until the injection pressure again stabilizes, and 
no more oil is produced. 
Experiment#4: 
            Additional work was also performed using the same model and procedure to 
examine the effect of increase SO4
−2   concentration two times and then three times, instead 
of increased SO4 
-2 concentration.  
            Experiment# 5, 6, and7 were conducted to study the effect of fracture width and 







Figure 4. Fully open fracture model experiment setup. 
2.2.3. Partially Open Fracture Model Description.  A partially open fracture 
model was designed to investigate the effect of modified seawater flooding and low 
salinity waterflooding on improved displacement, sweep efficiency, and plugging 
efficiency after gel is placed inside the fracture. Figure 5 shows the heterogeneity model 
with partially open fracture. The injection steps are the same to the fully open fracture 
model procedure (Experimnts#8 and9). 
 





Table 3. Injection schedules for each core used in the experiments. 
*Cumulative oil recovery at the end of first waterflooding (seawater flooding). 
**Cumulative oil recovery at the end of second waterflooding (diluted seater 10 times). 
*** Cumulative oil recovery at the end of third waterflooding (diluted seater 100 times). 
 
3. RESULTS AND ANALYSIS 
 
             Various influencing parameters such as sulfate ion concentration, low salinity 
water, fracture width, and matrix permeability effects were evaluated based on oil recovery, 
displacement efficiency, sweep efficiency, and pressure drop for all the models designed, 
including the nonfracture model, fully open fracture, and partially open fracture models. 
 
3.1. NONFRACTURE MODEL  
            The effect of sulfate ion concentration and low salinity water (diluted seawater) on 
improved displacement efficiency was observed when using Cores No. 1 and 2 in Table 3.  
Figures 6 and 7 shows the oil recovery curve and pressure drop during the flooding process. 
Figure 6 shows how dilute seawater can improve oil recovery; thus, the oil recovery was 
62% during the first waterflooding, but the recovery improved by 8% and 2% when the 
injected seawater was diluted 10 times and then 100 times, respectively. During all these 
Exp. 
No. 
Model designed Purpose 
Injection schedules with cumulative oil recovery factor (%) 
1 2 3 4 5 














-2 (82) - - 
3 Fully open fracture LSW 




4 Fully open fracture SO4 
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-2 (48) 3*SO4 
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5 Fully open fracture Fracture width 
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flooding processes, the injection pressure was decreased and stabilized at 20.5, 19.9, and 
19.5 psi, in that order. The effect of sulfate ion concentration on the oil recovery factor is 
shown in Figure 7. The results show that almost the same oil recovery was collected from 
Core #1 (62.5%) at the end of the first waterflooding (seawater). When the ion 
concentration of sulfate increased two and three times, the oil recovery was improved by 
13% and 6.5%, respectively. The pressure drop decreased by 1.5 psi when the sulfate ion 
concentration increased. Overall, the oil recovery was improved by 10% due to low salinity 
waterflooding effect (dilute seawater) whereas it was improved by 19.5% by increased 
sulfate ion concentration.  
 
 

























































Figure 7. Oil recovery factor (Core #2-Sulfate ion concentration effect). 
 
 
3.2. FULLY OPEN FRACTURE MODEL  
Cores #3, 4, 5, 6, and 7 were used to examine the effect of diluted seawater, sulfate 
ion concentration, fracture width, and matrix permeability on improving displacement 
efficiency, the sweep efficiency and plugging efficiency when combined with microgel 
treatments. Figure 8 (Core #3) presents the effect of dilute seawater (low salinity) on 
improving oil recovery and performance of gel inside the fracture. Oil recovery factor was 
zero and pressure drop was 0.01 during first seawater flooding because all injected water 
went through the fracture toward the model outlet. Then, approximately one pore volume 
of microgel was injected until the microgel produced; then, the oil recovery reached 12% 
and the microgel produced pressure was 648 psi. After the microgel started producing, the 
process directly switched to injecting seawater, and as a result, the oil recovery rose to 31% 


























































times, injecting each dosage sequentially, and the oil recovery improved by 13% and 26%, 
respectively. While injecting diluted seawater (both 10 and 100 times) the pressure drop 
increased and then suddenly decreased because some microgel particles started producing. 
The effect of sulfate ion concentration is shown in Figure 9 (Core #4). The oil 
recovery and pressure drop was still zero after 1.2 pore volume of seawater. The oil 
recovery was 13% after one pore volume of microgel was injected causing the pressure 
drop to reach 637 psi; then, the microgel starting producing. Seawater was injected after 
microgel and the oil recovery and pressure drop were 30.5% and 53 psi, respectively. 
Sulfate ion concentration in seawater was increased two and three times resulting in 
improved oil recovery by 17.5% and 26%, respectively. The pressure kept constant during 
increased sulfate ion concentration; moreover, no microgel produced. 
Core #5 was used with 1 mm fracture width and increased sulfate ion concentration 
(Figure 10) to examine the effect of fracture width on performance of sulfate ion 
concentration during waterflooding. To begin, 1.2 pore volume of microgel was injected 
until oil started producing, which resulted in an improved oil recovery of 6.8% (pore 
volume is sum of matrix pore volume and fracture pore volume) and microgel produced 
pressure was 188 psi. During the seawater injection, the pressure drop rose to 55.4, and 
then the microgel started producing oil. Then, the pressure drop stabilized at 2.4 psi with 
an improved oil recovery of 11%. Also, the sulfate ion concentration had a significant 
effect on the oil recovery factor. These significant effects resulted in an improved oil 
recovery of 18% (9% through 2*SO4
−2  and 9% through 3*SO4
−2 ) with the same pressure 






Figure 8. Oil recovery factor (Core #3, 0.5 mm FW). 
 
 



























































































































Figure 10. Oil recovery factor (Core #5, 1mm FW). 
 
  Matrix permeability was also investigated using Cores #6 and 7 with 2.44 md. 
Figure 11 shows that the microgel produced pressure was 1506 psi with a 22.2% improved 
oil recovery. Through the seawater injection after microgel started to produce, the oil 
recovery reached 31.5% and pressure drop stabilized at 193.2 psi. Then, two cycles of 
sulfate ion concentration were injected two times for the first cycle and then three times 
for the second cycle, which improved the oil recovery by 8.9% and 7%, respectively. The 
pressure drop was still almost the same during increased sulfate ion concentration. 
            Figure 12 presents the effect of low salinity water (dilute seawater) on improved 
oil recovery in a fully open fracture model when low matrix permeability was used (Core 
#7). Almost the same results were obtained as shown in Figures 10 and 11 through first 
waterflooding, microgel injection, and second waterflooding. After the injected seawater 
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306 psi with an 8.9% improvement in oil recovery. Then diluted seawater was injected 100 
times resulting in improved oil recovery by 10%. The pressure drops reached 535 psi to 
start microgel production which was kept stabilized at 118.3 psi. 
Figure 11. Oil recovery factor (Core #6, 0.5 mm, FW, 2.44 md). 
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3.3. PARTIALLY OPEN FRACTURE MODEL  
            The work was extended to evaluate the effects of sulfate ion concentration and low 
salinity water in a partially open fracture (close fracture). Cores #8 and 9 were used in this 
part. Figure 13 shows the oil recovery was 20% during first waterflooding (seawater) with 
pressure stabilizing after a drop to 42.8 psi. The oil recovery increased to 26% and 36.6% 
during microgel injection and second water flooding, respectively, and the stabilized 
pressure drop was 111.2 psi. No change in pressure occurred when the sulfate ion 
concentration increased two and three times but the oil recovery improved by 6.7% and 
6.6%, respectively. One more cycle of waterflooding was applied after sulfate ion 
concentration increased two times using dilute seawater 100 times (low salinity water).The 
performance of diluted seawater resulted in improved oil recovery by 6.6% and the 
pressure drop increased and stabilized at 291.7 psi.   
            Figure 14 illustrates the dilute seawater effect on both oil recovery and pressure 
drop in a partially open fracture model. The results showed that the oil recovery and 
pressure drop were almost the same as shown in Figure 13 during the first waterflooding, 
microgel injection, and second waterflooding. The oil recovery reached 48.33% and 
pressure drop rose to 286 psi and stabilized at 254 psi when the injected seawater was 
diluted 10 times. More dilution was applied on injected seawater (100 times) which 
resulted in improved oil recovery by 10%, and pressure drop increased to 329 psi and 







Figure 13. Oil recovery factor (Core #8, 0.5 mm FW). 
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            Referring to the oil recovery factor and injection pressure measurements for the 
nonfracture model, both sulfate ion concentration and low salinity water had a significant 
effect on improving oil recovery. The oil recovery was 62% when sea water was injected 
but when the salinity of injected water was diluted 10 times and then 100 times, the oil 
recovery was improved by 8% and 2%, respectively. The residual oil saturation at the end 
of each cycle was 29.45%, 23.25%, and 21.7%, respectively. Therefore, the low salinity 
water improved oil displacement efficiency by reduced residual oil saturation of 5.64% and 
1.41%, respectively, which means the diluted seawater improved the displacement 
efficiency. The increase in oil recovery (reduced residual oil saturation) was caused by the 
fact that low salinity water gave the core wettability less oil wetness and water displaced 
more oil from the matrix (Alhuraishawy et al., 2016). Also, the pressure drop decreases as 
salinity of injected water decreases because the oil saturation at the beginning of low 
salinity is residual oil saturation, which reflects the capillary forces. Therefore, the injection 
of low salinity water after seawater was injected with constant reduction in pressure drop 
is an indication of wettability alteration (Yousef et al., 2011). 
            Also, sulfate ion concentration had a significant effect on reduced residual oil 
saturation when applied after typical seawater flooding. After the first waterflooding 
(seawater) was finished, the residual oil saturation was 28.87% whereas it was 18.86% 
(reduced by 10%) and 13.86% (reduced by 5%) when sulfate ion concentration increased 
two and three times, respectively. Because the formation water contained a high cation 
concentration, the carbonate core samples carried positive charges and gave the interface a 





positive charge on the rock surface (Awolayo et al., 2014a; Kwak et al., 2014). As the 
repulsion force between interfaces increases, the charges at the core-brine interface are 
reduced with a negative charged oil-brine interface. The stronger the magnitude of this 
charge, the greater the electrostatic repulsive forces. Thus, an electrical double layer is 
generated by this repulsion, which stabilizes and thickens the water film surrounding the 
core samples and, as a result, the rock wettability becomes less oil-wet (Awolayo et al., 
2016). Zhang et al. (2007) explained the effect of sulfate ions on wettability alteration as a 
multi-ion exchange mechanism. They found that sulfate ions were believed to compete 
with the carboxylic component of the oil to attach to the surface and also cause the divalent 
cations to avoid charge imbalance. They reported that SO4
2- from seawater adsorbed on the 
carbonate surface and lowered the positive charge density. As a result, Ca2+ approached 
the surface because of lowered electrostatic repulsion and bound with negatively charged 
carboxylic groups, releasing the complexed carboxylic acid groups in oil from the 
carbonate surface. Increasing SO4
2- in injected seawater will increase its adsorption on the 
positively charged carbonate surface. Because of a decrease in the positive surface charge, 
more Ca2+ ions will attach to the carbonate surface allowing the release of negatively 
charged oil component (Yousef et al., 2011).” Thus, desorption of the carboxylic 
components from the carbonate surface was accrued, thereby changing rock wettability 
toward water-wet and improved oil recovery. The reduction in the pressure drop during 
increased sulfate ion concentration is another indication of a wettability alteration toward 
the water-wet surface (Yousef et al., 2011). 
            The fully open fracture model shows that gel treatment is a significant factor that 





waterflooding was 31% and improved by 13% and 26% after two cycles of low salinity 
water (seawater) were diluted 10 times and 100 times, respectively. These dilutions were 
applied after the second waterflooding cycle because the low salinity waterflooding 
changed the core wettability toward water-wetness (Alhuraishawy et al., 2016). The 
pressure drop increased to 109 psi after 0.5 pore volume of diluted seawater was injected 
because the gel particles size increased as brine concentration decreased (Imqam et al., 
2016). Suddenly, the pressure drop decreased and stabilized at 40.8 psi due to some gel 
particles produced because the low salinity water increased the gel weakness, and the gel 
extruded pressure decreased as brine concentration decreased (Alhuraishawy et al., 2017). 
During the diluted seawater injection (10 times), and before pressure drop rose, the oil 
recovery improved and this was caused by the improved displacement efficiency. 
Furthermore, the improved oil recovery during the pressure drop escalation might have 
been caused by improving sweep efficiency. The seawater that was diluted 100 times 
resulted in the same trend of pressure drop when the seawater was diluted 10 times.  
            In contrast, the oil recovery factor improved by 17.5% and 26% when sulfate ion 
concentration increased two and three-time, respectively, with no change in pressure drop; 
furthermore, no gel particles were produced because sulfate ion concentration had no effect 
on the gel swelling ratio and, in turn, has no effect on gel strength because the total seawater 
salinity before and after sulfate ion concentration increased was too close. Therefore, the 
recovery rates were faster with increased sulfate ion concentration compared to increased 
dilution in seawater. Thus, no change in the plugging efficiency when sulfate ion 
concentration increased. Overall, the dilute seawater improved oil recovery by 39.5% 





            Fracture width had a significant effect on both the plugging efficiency and oil 
recovery factor when a comparative analysis was applied showing differences between 0.5 
mm and 1 mm fracture width results. A correlation between plugging efficiency and 
pressure drop was observed when the plugging efficiency increased as pressure drop 
increased. The results showed that the microgel extruded pressure drop was 637 psi and 
188 psi at 0.5 mm and 1 mm fracture width, respectively, because the microgel injectivity 
increased with fracture width and, as a result, the plugging efficiency increased as fracture 
width decreased (Zhang and Bai, 2011).Therefore, the oil recovery during microgel 
injection was 13% and 6.8% at 0.5 mm and 1 mm fracture width, respectively. For 0.5 mm 
fracture width, oil recovery improved by 17.4%, 17.5%, and 26% when flooded by 
2*sulfate-enriched seawater. It was flooded with 3* enriched sulfate seawater, while it 
improved by 11%, 9%, and 9%, respectively, for 1 mm fracture width. No gel produced 
during second waterflooding and increased sulfate ion concentration at 0.5mm fracture 
width and the pressure drop was still almost the same, but some gel particles produced at 
1 mm fracture width resulted in a decreased pressure drop and, in turn, plugging efficiency 
decreased and stabilized at 2.4 psi for all injection cycles (seawater and sulfate ion 
concentration). Therefore, sulfate ion concentration effect increased as fracture width 
decreased because when fracture width decreased, the plugging efficiency increased and 
as a result more waterwas diverted into the matrix and more sulfate ion concentration 
contacted the matrix. So, the increased sulfate ion concentration improved oil recovery by 
43.5% and 18% in 0.5 mm and 1 mm fracture width, respectively. 
             Matrix permeability exhibited a serious effect on the oil recovery factor, microgel 





showed that the microgel extruded pressure increased, and oil recovery improved as matrix 
permeability decreased. The oil recovery improved by 13% and 22% when matrix 
permeability was 19.93 md and 2.44 md, respectively, because gel penetration into matrix 
increased as matrix permeability increased causing matrix damage (Imqam et al., 2016). 
Therefore, the improved oil recovery from lower matrix permeability during gel injection 
was higher. Also, the sulfate ion concentration had more effect on improving oil recovery 
as the matrix permeability increased. The results illustrated that it improved oil recovery 
by 43.5% and 16% when matrix permeability was 19.93 md and 2.44 md, respectively. 
Diluted seawater in low matrix permeability showed the same trend in high matrix 
permeability with low improvement in oil recovery. Also, as happened in high matrix 
permeability, when the injected seawater was diluted 100 times and even though no change 
in pressure drop during 0.35 pore volume injection, the oil recovery improved by 3.3%. 
This might be caused by improved displacement efficiency. After that, the pressure drop 
increased and resulted in improved oil recovery by 6% which was caused by improved 
sweep efficiency due to improved plugging efficiency. Both sulfate ion concentration and 
diluted seawater had more effects in high matrix permeability than low matrix permeability 
in the fully open fracture model.  
            More experiments were conducted to evaluate the sulfate ion concentration and 
dilute seawater on the oil recovery factor and improve plugging efficiency. The result 
showed that increased sulfate ion concentration improved oil recovery by 13.3% 
cumulatively whereas the oil recovery improved by 22% cumulatively when the matrix 
was injected with diluted seawater. From Figure 12, the pressure drop was stabilized at 





seawater was injected 100 times after finishing 3*SO4
-2, the oil recovery improved by 3.3%. 
When injection of diluted seawater continued, pressure drop increased and stabilized at 
291.7 psi causing an improved sweep efficiency and resulting in improved oil recovery by 
3.3%. The same trend was observed when two cycles of diluted seawater were applied in 
a partially open fracture. During each cycle, first—displacement efficiency was improved 
and then—improved sweep efficiency (Figure 13). Overall, increased sulfate ion 
concentration improved oil recovery by 14%, whereas diluted seawater improved oil 
recovery by 22% in a partially open fracture because the sulfate ion concentration improved 
displacement efficiency while the diluted seawater (low salinity water) improved both 
displacement and sweep efficiency. 
  
5. CONCLUSIONS 
                                                                                                                          
            In this study, a series of experiments used three different designed models, i.e., 
nonfracture, fully open fracture, and partially open fracture models, to investigate the 
effects of sulfate ion concentration and low salinity water (dilute seawater) on improved 
oil recovery and the plugging efficiency in carbonate reservoir when combined with 
microgel treatments. The results yielded the following conclusions: 
 Increased sulfate ion concentration and diluted seawater can improve oil recovery 
by changing core wettability toward a water-wet surface, and sulfate ions had more 
effect than dilute seawater in the nonfractured carbonate reservoir. 
 Diluted sea water can improve both displacement and might be sweep efficiency, 
while increased sulfate ion concentration can improve only displacement efficiency 





fracture models because the gel particle size increased as brine concentration 
decreased. Therefore, the diluted seawater can improve plugging efficiency but 
sulfate ions cannot.  
 Increased sulfate ion concentration followed by diluted sea water, when microgel 
filled the fracture, might be a viable technique to improve oil recovery in carbonate 
fractured reservoir. 
 The sulfate ion concentration effects decreased as fracture width increased and 
matrix permeability decreased. Also, the diluted seawater effects decreased as 
matrix permeability decreased. 
 Combining microgel with sulfate ion concentration resulted in higher oil recovery 
than combining microgel with low salinity water in a fully open fracture. However, 
combining microgel with low salinity water showed highest oil recovery in the 
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            The oil recovery from fractured reservoirs is usually low, which is usually caused 
by the existence of areal formation heterogeneity. Two existing enhanced oil recovery 
(EOR) technologies, low salinity water flooding (LSWF) and   preformed particle gel 
treatment (PPG), have recently drawn great interest from the oil industry. We integrated 
both of these technologies into one process to improve both oil displacement and areal 
sweep efficiency.  The objective of this study was to test how the integrated method could 
be used effectively to increase oil recovery and control water production. The semi-
transparent five-spot models, which were made of sandstone cores and acrylic plates, were 
built. We investigated the effect of four parameters on the improvement of oil recovery and 
areal sweep efficiency of oil, including gel strength, water salinity, injection rate, and 
number of fractures. Two approaches were followed during core flooding. The first 
approach (sequential mode) was injecting micro-PPG first into fractures, and then cycles 
of low salinity water was injected into fracture model. The second approach (mixing mode) 
was that micro-PPG and LSW were injected together under three cycles. The result shows 
that micro-PPG and LSW injected together as one mixture improved displacement and 





for the second and first approach, respectively. Also, oil recovery improved by 6.37% after 
micro-PPG was placed into the fracture, and oil recovery improved by 7% when LSWF 
cycles were applied after conventional waterflooding. Thus, integrating these two methods 
improved the oil recovery by 13% which is a significant improvement in oil recovery than 
if each method was applied separately. Additionally, decreased gel strength and an 
increased number of partially open fractures resulted in improved sweep efficiency. Micro-
PPGs plugged the fractures and successfully improved areal sweep efficiency; however, 
they have little effect on displacement efficiency. LWSF increased displacement efficiency 
but had little or no effect on sweep efficiency. The integrated methods bypassed the 
limitations of each method when used individually and improved both displacement and 




            Approximately two-thirds of the oil in place cannot be recovered by conventional 
technologies. Thus, enhanced oil recovery (EOR) methods are required to recover a 
sizeable portion of the remaining oil in a well. Mature wells are often abandoned due to 
low oil production rates as well as the formation of excess water. To recover this remaining 
unrecoverable hydrocarbon, two new EOR technologies are now being used: Micro-PPG 
conformance control and low salinity water flooding.  
            Within the past two decades, there has been an increase in the use of PPGs to 
improve the sweep efficiency of water flooding. PPGs are composed of a specialized 
superabsorbent polymer. PPGs can be as small as nanometer size or as large as millimeter 





include a lack of gelation time control, gelling uncertainty due to shear degradation, 
chromatographic fractionation, or dilution by formation water (Chauveteau et al., 2003; 
Bai et al., 2007a, 2007b). PPGs are manufactured at a surface facility prior to injection. 
They are later injected into a reservoir. Therefore, gelation does not occur in the reservoir. 
These gels usually have only one component during injection. They are only slightly 
sensitive to a reservoir’s physicochemical conditions (e.g., pH, salinity, multivalent ions, 
hydrogen sulfide, and temperature) (Bai et al., 2007a, 2007b). Particle gels are available 
commercially in a number of sizes: micro- to millimeter-sized PPGs (Coste et al., 2000; 
Bai et al., 2007a, 2007b; Wu and Bai, 2008), microgels (Zaitoun et al., 2007), pH-sensitive 
crosslinked polymers (Al-Anazi et al., 2002; Huh et al., 2005), and swelling submicron-
sized polymers (Pritchett et al., 2003; Frampton et al., 2004). PPGs differ chiefly in their 
particle size, swelling time, and swelling ratio. The literature reveals that PPGs, microgels, 
and submicron-sized polymers are all cost-effective alternatives that reduce water 
production and improve oil recovery in mature oil fields. Zaitoun et al. (2007) 
demonstrated that the microgels applied to about 10 gas storage wells were able to decrease 
water production. Cheung (2007) effectively used submicron-sized particles in more than 
60 wells. Millimeter-sized PPGs can preferentially penetrate into fractures or fracture-
feature channels while diminishing gel penetration into unswept zones/matrices. 
Worldwide, PPGs have been employed in approximately 10,000 wells in water floods and 
polymer floods to decrease the permeability of fractures or of super-high permeability 
channels (Bai et al., 2013; Peirce et al., 2014).  
            To improve displacement oil recovery, the use of LSWF has been researched 





first to describe the effect of low salinity water on oil recovery. Using sandstone core 
samples, he compared an injection of seawater to that of freshwater, finding that oil 
recovery rose more after the injection of freshwater. However, the potential of LSWF was 
not established until the work of Morrow et al., published from 1991 to 1999 (Jadhunandan 
and Morrow, 1991, 1995; Yildiz and Morrow, 1996; Tang and Morrow, 1997, 1999). After 
that seminal work, research has been conducted by numerous corporations and other groups 
to discover the relationship between water salinity and oil recovery, especially as it relates 
to sandstone and carbonate. Numerous laboratory studies have confirmed that LSWF can 
increase oil recovery in sandstone and carbonate reservoirs (Sheng, 2014). A study by 
Zhang et al. (2007) found that injecting low salinity water into chalk formations led to oil 
recovery of up to 40 percent of OOIP. Similar data were found by Lager et al. (2008) and 
McGuire and Chatham (2005), who discovered that LSWF could increase recovery up to 
40 percent OOIP. LSWF can further decrease residual oil saturation when compared to 
normal water flooding in sandstone formations (McGuire and Chatham, 2005; Seccombe 
et al., 2010; Ligthelm et al., 2009; Yousef et al., 2012). The percentage of oil recovery 
improvement is dependent upon a number of considerations. These include 
multicomponent ion exchange, clay content, formation water composition, oil 
composition, and initial water saturation. The positive effects of LSWF have been 
attributed to numerous factors: (1) the migration of fines (Tang and Morrow, 1999), (2) 
interfacial tension reduction (McGuire and Chatham, 2005), (3) multicomponent ionic 
exchange (Lager et al., 2008), (4) pH-driven wettability change (Lager et al., 2008; 
McGuire and Chatham, 2005), (5) double-layer expansion (Ligthelm et al., 2009), (6) 





alternation (Yousef et al., 2012), (8) mineral dissolution (Aksulu et al., 2012), and (9) 
microscopically diverted flow (Skauge 2008; Spildo et al., 2012). All of these factors 
modify rock wettability from oil-wet or intermediate/water-wet. The result is that residual 
oil saturation decreases, improving total oil recovery. Hence, enhanced oil recovery is 
achieved by LSWF because it improves the microscopic displacement efficiency.  
The degree of oil recovery is dependent on both the displacement efficiency (ED) and the 
sweep efficiency (ES). Using LSWF for EOR can improve the displacement efficiency; 
however, LSWF has little if any effect on the sweep efficiency. PPGs scarcely influence 
the displacement efficiency because they can only be used to plug fractures or high-
permeable channels, which enhances the sweep efficiency. Brattekas et al. (2016) studied 
combining low salinity waterflooding with in-situ gel. They observed that low salinity 
waterflooding added a benefit to the improved blocking capacities of an in-situ gel.  
Alhuraishawy et al. (2016) studied coupling low salinity water flooding and preformed 
particle gel to enhance oil recovery for fractured carbonate reservoir. They concluded that 
combining low salinity water flooding with PPGs is a viable technique for improving oil 
recovery in fractured carbonate reservoirs. This current research extends our previous work 
to test the integration of this technology in fractured sandstone rocks. Experiments were 
conducted to assess the effect of four key factors: salinity of the injection water, salinity of 
the water used to swell the PPGs, number of fractures, and water flow rate. Their influence 
on the amount of oil recovery and the water residual resistance factor (Frrw) will be 







2. MECHANISMS OF THE PROPOSED METHOD 
 
            The swelling ratio of preformed particle gel is strongly affected by water salinity 
(Imqam et al., 2016). As the water salinity decreases, the gel swelling ratio increases 
significantly. For example, at a salinity of 10,000 ppm, one kind of PPG can swell about 
40 times, but when the salinity decreases to 2,500 ppm, the same PPG can swell up to 200 
times, a fivefold difference. As the swelling ratio rises, the gel volume increases; however, 
the gel strength also decreases. PPGs work well because they only enter fractures, thus 
reducing their permeability. In contact with low water salinity, the PPG increases in size. 
This reduces the amount of water that can flow through the fracture. PPGs lower fracture 
conductivity and force the low salinity water into the matrix, allowing more oil to be 
recovered. This research will investigate two injection process methods for combining 
PPGs treatment and LSWF. Figure 1 shows the process of first injection mode, the PPGs 
and LSWF were injected sequentially. The PPGs are first injected into the fractures so that 
their conductivity can be decreased; afterward, cycles of LSWF are injected into the 
fracture model. Because the fracture was plugged initially by the PPGs, it is theorized that 
the majority of the injection volume of the LSW will flow into the matrix.  In the second 
injection approach, the PPGs are swelled in a low water salinity solution. Then, this 
solution is injected into the fracture together with the PPGs. The PPGs decreased the 










Figure 1. Schematic showing the PPGs mechanism’s injection in the partially open 
fracture. 
 
3. EXPERIMENTAL APPROACH  
 
3.1. MATERIALS  
          3.1.1. PPGs. A super absorbent c ros s l in ked  polymer with a mesh size of 20-
30 was used as the preformed particle gel for this study. The particles were synthesized 





bisacrylamide. When it contacts with water, it can swell several to a few hundred times 
of its original size (as shown in Figure2). When we pour water into the test-tube, the 
particle will swell to those much. 
3.1.2. Brine. Sodium chloride (NaCl) was used to prepare different concentrations 
of brine, 1.0%, 0.1% (LSWF1), and 0.01% NaCl (LSWF2).  
           3.1.3. Oil. A mineral oil was used which has the following properties: API: 36 ̊, 
density: 0.845 g/cc, and viscosity: 190 c.p. 
           3.1.4. Sandstone Rock. Berea sandstone was obtained in form of 21×21×1.8 cm.  









Figure 2. Microgel before and after being swollen in sea water. 
 
3.2. CORE PREPARATION 
           Five core slabs were prepared for the core flooding tests. The permeability of the 
cores was measured and listed in Table1.The average core porosity was 15%. The core and 
fracture dimensions are summarized in Table 1. All slabs were initially saturated with 
100% brine (1.0 wt. % NaCl). The distance between the injector and producer points was 






the clay content (Ma and Morrow, 1994). After that, we measured the permeability using 
1.0%, 0.1%, 0.01%, and 0.001% NaCl, respectively, for extra sandstone core sample and  
the injection pressured was stabilized for all these brine concentrations. 
Table 1. Core Slabs Properties. 
 
3.3. FRACTURE MODEL DESCRIPTION 
            The schematic of the model is shown in Figure3. The model was made with a 
transparent acrylic board, which provided a transparent window that could be used to 
observe the fluid flow and gel transport. This model was constructed using two acrylic 
plates with a rubber O-ring between them. Bolts and nuts were used to fix the two plates. 
A long square pocket (22 cm wide, 22 cm long, and 2 cm deep) was drilled in the center of 
one side of one of the acrylic plates; Transparent gel was used to fix a piece of sandstone 
core into this pocket. There were 5 inlets/outlets on the model. During the water flooding 
and gel treatment, two of the ports were used, one was an injector, and another one was a 
producer. These two ports were set at corners along the diagonal line to simulate a 5- spot 
scenario. The P1 and P2 were shut in and used as monitoring ports, (Figure4). The core of 
the model was made with sandstone. Two fracture models were designed (Figure 5): one 

































1 21 21 1.8 129.08 32 68 19.5 0.25 1.8 1 8.775 
2 21 21 1.8 134.83 31.63 68.37 19.5 0.25 1.8 2 17.55 
3 21 21 1.8 136.7 32.24 67.76 19.5 0.25 1.8 1 8.775 
4 21 21 1.8 131.28 32.22 67.78 19.5 0.25 1.8 1 8.775 























Figure 5. Fractures design; (a) one straight partially open fracture, (b) two parallel 





The following procedure explains how the fracture models were made: 
     Measure the permeability and porosity of the core 
The core was vacuumed, and dry weight of the model was measured. 1.0 wt. % 
NaCl was injected into the core to make sure the whole core was saturated with 1.0 
wt. % NaCl. The wet weight of the model was measured. Flow rates and associated 
pressure data were recorded, and permeability was calculated. The weight 
difference was used to calculate porosity. 
 Build initial oil saturation 
Since the core had already been saturated with brine, oil was injected to displace 
water in order to build irreducible water saturation (Swi) and initial oil saturation. 
Oil and water production were collected to calculate the OOIP and Swi. These steps 
were repeated using different ports to make sure the whole core was saturated 
homogeneously. 
 Create fractures 
The saturated core was taken out from the model and cut into pieces. The cut core 
pieces were placed back into the model, and fracture width was made as shown in 
Figure5. 
 
4. EXPERIMENTS PROCEDURE 
 
            Two approaches were followed during core flooding. In the first approach, Micro-
PPG was injected first into fractures. Then, cycles of low water salinity were injected into 
fracture model. In the second approach, Micro-PPG and LSW were injected together as 





4.1. FIRST APPROACH (SEQUENTIAL MODE) PROCEDURE 
4.1.1. Initial Water Preflush. Brine (1.0 wt. % NaCl) was injected into the fracture 
inlet at a 2.0 ml/min. to simulate secondary recovery conditions and detect any oil 
production from the matrix outlet. 
4.1.2. Micro-PPG Placement. PPGs (20–30 mesh size) were selected for the PPG 
treatment. The PPGs were swollen in a brine solution (1.0 wt. % NaCl) and then injected 
into the fracture at a flow rate of 2.0 ml/min until the injection pressure reached 150 psi.  
4.1.3. Second Water Chase. The second batch of brine (1.0 wt. % NaCl) was injected 
into the model at a 2.0 ml/min. to test the PPGs plugging efficiency and displace any 
movable oil. After a stabilized pressure was reached with no more oil recovery, 0.1 and 
0.01 wt. % NaCl was injected, respectively as a sequential mode, to investigate the effect 
of low salinity water flooding. For each part of the low salinity water flooding, the 
stabilized pressure was reached, and no more oil was recovered before starting the next 
part. Monitoring pressure was recorded to see how PPG and LSWF can improve the area 
sweep efficiency by diverting the water bath into the matrix. 
 
4.2. SECOND APPROACH (MIXED MODE) 
            The same procedures, which were used in the first approach, were applied except 
the PPGs were swollen in three different water salinities, 1.0%, 0.1%, and 0.01 % NaCl. 
Different brine injection rates (1, 2, 4, 6, and 8 ml/min) were designed to investigate their 








5. RESULTS AND DISCUSSION  
 
5.1. MICRO-PPG FOLLOWED BY LOW SALINITY WATERFLOODING                                                         
(SEQUENTIAL INJECTION APPROACH) 
 
            Core #1 (Table 1) was used in these investigations. Figure 6 illustrates the oil 
recovery and water cut during different brine injection cycles for single partial open 
fracture. The oil recovery factor was 6% during the first waterflooding, and it’s increased 
quite small during the injection cycles. The incremental oil recovery was 6.57% at the end 
of second waterflooding due to the decrease of fracture conductivity achieved by placing 
the Micro-PPG inside. Therefore, the water cut decreased from 100% to 90% during gel 
injection and earlier of second waterflooding. The decrease of fracture conductivity 
resulted in increased the stabilized injection pressure from 58.7 psi to 96.3 psi as shown in 
Figure 7. When the injection cycle changed to low salinity waterflooding, the oil recovery 
improved by 7%, the water cut decreased from 100% to 90%, and the stabilized injection 
pressure increased by 10 psi. This might be caused by improved fracture plugging 
efficiency because the PPG size increased as the brine concentration decreased (Imqam et 
al., 2016). The results show that monitoring pressure increased dramatically as brine 
concentration decreased. For example, the P1 changed from 67 psi to 91 psi and P2 changed 
from 69 psi to 92 psi when the concentration of injected brine decreased from 1.0% NaCl 
to 0.1 % NaCl. According to increased P1 and P2, the sweep efficiency increased due to 
increase the amount of water which flowed toward P1 and P2.  The pressure differences 
between injection pressure and monitoring pressures were almost 28.5 psi during the 
second waterflooding and reduced to 15 psi when low salinity waterflooding applied. That 
means the connectivity between the injector and monitoring pressures (P1 and P2) 





salinity waterflooding added a benefit to the improved blocking capacities of the gel. 
Therefore, the water residual resistance factor (Frrw) increased during low salinity 
waterflooding cycles and it was less than 2.1. Frrw was 1.8, 1.9, and 2.05, when the salinity 
of injected brine was 1.0 %, 0.1%, and 0.01% NaCl, respectively. It means the fracture is 
not plugged particularly well and that the water is still channeling down the fractures. 
Imqam and Bai (2015) indicate that the gel particle formed a gel pack inside the fracture 
and it's partial blocked it. The water residual resistance factor was calculated based on the 
following equation: 
 
                           Frrw =
Injection pressure after gel placement
Injection pressure before gel placement
  = 
𝑃𝑖𝑛𝑗.𝑎
𝑃𝑖𝑛𝑗.𝑏
                             (1) 
 
Also, we can observe the improvement of the swept area during the second water 
flooding and the low salinity waterflooding cycles, as shown in Figure 9. The approximate 
swept area was 30%, 60%, and 70% at the end of the first waterflooding, second 
waterflooding, and the low salinity waterflooding, respectively.    
Figure 6. Oil recovery factor and water cut during different injection cycles for single 

























































Figure 7. Injection and monitoring pressures (Pinj, P1, and P2) during different injection 
cycles for single partially open fracture (Core#1). 
 
Also, we can observe the improvement of the swept area during the second water 
flooding and the low salinity waterflooding cycles, as shown in Figure 8. From Figure8b, 
we can visualize how waterflooding can displace the oil (the red border is the swept area 
by water) until the water breakthrough from producer with approximate 30% swept area 
(Figure8c). After water breakthrough, PPG was injected to plug the fracture and the same 
brine concentration was injected after PPG (Figure8d) which resulted in about 60% swept 
area. Then cycle of low salinity water was injected and the swept area increased to 70% 
(Figure8e).Referring to the oil recovery result in Figure6, the oil recovery factor was 6% 
associated with 30% swept area during first water flooding and the oil recovery factor 
improved by 6.57% with improvement in swept area by 30% (60% total swept area). 
During low salinity waterflooding, the oil recovery improved by 7% with 10% 
improvement in swept area. Even though the improvement in swept area was small 






































salinity waterflooding was high. The reason was the low salinity water improved the 
displacement efficiency by reducing residual oil saturation (McGuire and Chatham, 2005; 
Seccombe et al., 2010; Ligthelm et al., 2009; Yousef et al., 2012) while the low salinity 
waterflooding  has a little effect on sweep efficiency. 
 





Figure 9 shows improvements in oil recovery during low salinity water flooding 
which can be explained that when the low salinity waterflooding was injected after PPGs 
were placed into the partial open fracture, the preformed particles gel size increased as its 
swelling ratio increased. So the low salinity water injection after PPG improved the 
plugging efficiency and most the injected water diverted to matrix (Brattekas et al., 2016: 
Imqam et al., 2016: Alhuraishawy et al., 2016).This improved plugging efficiency led to 
improved sweep efficiency. The stabilized injection pressure, monitoring pressure, and 
water residual resistance factor values increased when the salinity of the injected water 
changed from 1.0% NaCl to low salinity. This supports our explanation that the low salinity 
waterflooding improved the plugging efficiency. The fracture conductivity was decreased 
due to the increased plugging efficiency during low salinity waterflooding, and a small 
amount of injected brine was diverted to the matrix. The pressure waves of the injected 
brine reached P1 and P2, as shown in Figure 8, which caused the sweep efficiency to 
improve. 
The number of fractures has an important effect on areal sweep efficiency. Cores # 
2 (Table 1) were used to study the impact of increasing fracture numbers on the areal sweep 
efficiency. Figures 10 and 11 illustrate the oil recovery factor with water cut and pressures 
profiles for parallel partial open fractures, respectively. Overall, these figures show that 
both the oil recovery factor and incremental oil recovery factor were slightly higher for 
parallel partial open fractures than a single partial open fracture. The remaining oil 
saturation was 69.37% in parallel partial open fractures rock while it was 80.3% in single 
partial open fracture rock. The oil recovery factor and water cut were almost the same from 





6.06% and 6.45%, respectively); however, the incremental oil recovery occurred more than 
two times for parallel partial open fractures than for single partial open fracture during PPG 
treatment and almost two times during second waterflooding cycles. The low salinity 
waterflooding improved the oil recovery factor and reduced the water cut in the parallel 
partial open fractures better than in the single partial open fracture, especially during the 
LSWF2 cycle. The incremental oil recovery for single partial open fracture during LSWF2 
was zero, but it was 2.14% for parallel partial open fractures.  
The injection and monitoring pressures (P1 and P2) are illustrated in Figure 11. 
This figure shows, for all injection pressure, P1, and P2, the pressures for the single partial 
open fracture were higher than the monitoring pressure for the parallel partial open 
fractures during different injection cycles. This might be because the brine injected into the 
fracture took three paths into the single partial open fracture, while it took five paths into 
the parallel partial open fracture. Therefore, the amount of brine that reached P1 and P2 
were greatest in the single partial open fracture. The low salinity waterflooding had a 
greater effect on the monitoring pressures for the single partial open fracture than it did for 
the monitoring pressures of the parallel partial open fractures. Injection pressure, P1, and 
P2 were stabilized at 90 psi, 65.3 psi, and 63.4 psi, respectively, at the end of second 
waterflooding, while the pressures reached to 102 psi, 78 psi, and 75 psi, respectively, 
during the LSWF2 (0.01% NaCl). This means more brine moved to P1 and P2 direction. 
This resulted in the improvement of the oil recovery factor in the parallel partial open 
fractures better than in the single partial open fracture, especially during the LSWF2 cycle 


















Figure 10. Oil recovery factor and water cut during different injection cycles for parallel 
























































Figure 11. Injection and monitoring pressures (Pinj, P1, and P2) during different injection 
cycles for single partially open fracture (Core#2). 
5.2. MICRO-PPG AND LOW WATER SALINITY MIXED TOGETHER 
(MIXING INJECTION APPROACH) 
 
             Cores # 3, 4, 5 and 6 (Table 1) were used to investigate the effects of gel strength, 
water injection rates, and pure low salinity waterflooding and pure PPG treatment versus 
low salinity PPG. Three NaCl solutions of 1%, 0.1%, and 0.01% were used to prepare PPG 
and resulted in 42, 100, and 160 (ml/ml) PPG swelling ratio, respectively. So the dry PPG 
size increased 160 when 0.01% NaCl used to swell the PPG. The increased in swelling 
ratio means the PPG  hold more water and when the PPG injected into the fracture , these 
amount of water will force into matrix (Alhuraishawy and Bai, 2017). Figures 12 through 
17 illustrate the oil recovery factor with water cut and pressures profiles during different 
injection cycles when PPG swollen in different brine concentrations, 1.0%, 0.1%, and 
0.01% NaCl, respectively. The oil recovery factor was almost the same from the three 
experiments during first water flooding, 6.06%, 6.2%, and 6.15%, respectively. During gel 






































water cut were observed when injecting PPGs swelled in low salinity water even though 
the final PPG injection pressure was the same as PPG swollen in 1.0 and 0.1% NaCl 
because low salinity water was forced much into the matrix during the PPG injection. The 
incremental oil recovery increased to 1.23%, 3.5%, and 7.5% for water salinity of 1.0%, 
0.1%, and 0.01% NaCl, respectively. The oil recovery continued to increase during the 
second waterflooding. The incremental oil recovery factor increased as water salinity 
decreased, 5.34%, 9.19%, 10.6%, respectively. The pressure differences between injection 
pressure and monitoring pressures during the second waterflooding were 30 psi, 17.5 psi, 
and 12 psi when PPG soled in 1.0%, 0.1%, and 0.01% NaCl, respectively. That indicates 
that the connectivity between the injector and monitoring pressures (P1 and P2) much 
improved when 0.01% NaCl was used to swell the PPG and, in turn, improve the swept 
area. 
Overall, the total oil recovery factor was 12 %, 18.89%, and 24.45%, and water cut 
decreased to 91%, 84%, and 78% when PPG swollen in 1.0%, 0.1%, and 0.01% NaCl, 
respectively. 
Plugging efficiency to water flow increased as the brine salinity decreased, which 
helped to increase the oil production. The Frrw was 1.78, 2, and 2.27 for 1.0%, 0.1% and 
0.01% NaCl, respectively. It means the fracture is not plugged particularly well and that 
the water is still channeling down the fractures. Imqam and Bai (2015) indicate that the gel 
particle formed a gel pack inside the fracture and it's partially blocked it. Additionally, at 
different flow rates, the Frrw decreased with increased flow rates, as shown in Figure 18. 
At low flow rate, the highest Frrw was obtained when PPG was swollen in 0.01% NaCl, 





6 ml/min., the Frrw was the same for all the brine concentrations, and no significant effect 
of flow rate could be reflected on the Frrw.   
The gel strength is the most important factor in controlling reservoir conformance 
(Imqam et al., 2016). The gel strength decreased with the decrease in brine salinity, and 
the gel became deformable. The PPG size increased with the decrease in brine salinity that 
used to swell the PPG due to the increased swelling ratio. As a result, the plugging 
efficiency increased with the decreased brine salinity. So the PPG became bigger and more 
deformable, which reduced the spaces between the preformed particles gel and, in turn, 
reduced the fracture conductivity. Therefore, more water was forced into the matrix during 
the PPG injection during PPG swelling in lower salinity water causing, the incremental oil 













Figure 12. Oil recovery factor and water cut when PPG swollen in 1.0% NaCl (Core#3- 



























































Figure 13. Injection and monitoring pressures (Pinj, P1, and P2) when PPG swollen in 












Figure 14. Oil recovery factor and water cut when PPG swollen in 0.1% NaCl (Core#4- 































































































Figure 15. Injection and monitoring pressures (Pinj, P1, and P2) when PPG swollen in 












Figure 16. Oil recovery factor and water cut when PPG swollen in 0.01% NaCl (Core#5- 
































































































Figure 17. Injection and monitoring pressures (Pinj, P1, and P2) when PPG swollen in 











Figure 18. Water residual resistance at different flow rates and different brine 
concentrations used to swell PPG. 
 
6. SIGNIFICANT FINDINGS 
 
In this part, we addressed the new findings compared to the earlier works. The most 
















































efficiency and helps us to calculate the swept area. Then calculate the residual oil saturation 
(Sor) to figure out how PPG and low salinity waterflooding affect both displacement and 
sweep efficiency. The oil recovery factor from the matrix, associate areal sweep efficiency, 
and residual oil saturation during sequential injection cycles at different stages are listed in 
table 2. The areal sweep efficiency after first waterflooding (WF1) is 30%. The Soi is 68%, 
and the oil recovery from the matrix is 6.06%. Based on the equations below, the Sor after 
WF1 is 54.26%, which means that more than half of the oil is left in the swept area. 
Fingering problem and vertical heterogeneity may be the reasons that cause the high Sor. 
Similarly, the Sor after PPG& WF2 is 53.68%. As indicated by high Sor, the microscopic 
sweep efficiency is low both in WF1 and PPG&WF2 stages. Even the areal sweep 
efficiency increased 30% after PPG&WF2; the low displacement efficiency caused a low 
oil recovery increment, which is only 6.57%. After the LSWF, the areal sweep efficiency 
increased 10% while the oil recovery from the matrix increased 7%. As observed, the 
PPG&WF2 stage decreased the Sor by 0.58% with a 30% increase in areal sweep efficiency 
while the LSWF has a 4.82% reduction of Sor associated with a 10% increase in areal 
sweep efficiency. With lower increased in areal sweep efficiency (10%), the low salinity 
water flooding can lower the residual oil saturation. We successfully developed a 
semitransparent model which can image fluid flow in consolidating rocks by using 
transparent gel. So the PPG treatment can improve sweep efficiency (EA) and has little 
effect of displacement efficiency (ED), whereas low salinity waterflooding can improve 
displacement efficiency and has little effect on sweep efficiency. Therefore, the coupled 
method bypasses the limitations of each method when used individually and improves both 









                  (2) 
  
             ED =  
𝑆𝑜𝑖−𝑆𝑜𝑟
𝑆𝑜𝑖
                    (3) 
  
            R.F. = EA × 
𝑆𝑜𝑖−𝑆𝑜𝑟
𝑆𝑜𝑖
         (4) 
 
 
Table 2. Oil recovery from matrix, associate areal sweep efficiency and Sor results for 
core # 1. 
 
 
              Another significant finding, referring to our previous results, is mixed injection 
(second approach) resulted in higher oil recovery than sequential injection (first approach). 
The improved oil recovery during PPG treatment with gels swelled in 0.01% NaCl was 
7.5%, but it was only 1.23% with the PPG swelled in 1.0% NaCl because the 0.1% NaCl 
resulted in higher swelling ratio (160 ml/ml) than 1.0% NaCl swelling ration (42 ml/ml). 
The increased in swelling ratio means the PPG  hold more water and when the PPG injected 
into the fracture , these amount of water will force into matrix  and , in turn, increased oil 
recovery factor (Alhuraishawy and Bai, 2017). Also, the improved oil recovery during 
second waterflooding was 10.6% in mixed mode, while it was only 5.34% in sequential 
mode because the low salinity water which used to swell the gel (PPG) increased the gel 
plugging efficiency and most injected water would diverted to matrix and then improve the 
swept area (Brattekas et al., 2016) . The improved recovery during the PPG injection in 
Stage Oil Recovery from matrix, % EA, % Sor, % ∆ Sor, % 
WF1 6.06 30 54.26   
PPG&WF2 12.63 60 53.68 0.58 





mixed mode was due to a large amount of low salinity brine forced into the matrix, which 
improved sweep efficiency and reduced the interfacial tension and released more oil drops. 
The Frrw result also showed that when using the PPG swelled in low water salinity (mixed 
mode), a higher water residual resistance factor occurred which, in turn, improved the 
sweep efficiency. 
Overall, the mixed injection mode resulted in higher oil recovery factor (24.25%) 
than the sequential injection mode (19.7%). In contrast to the mixed injection mode which 
required three cycles of injection with a total of 7 pore volume injection, the sequential 
injection mode required five cycles with a total of 11.3 injected pore volume. Therefore, 
the mixed injection mode is the best choice because it resulted in the highest oil recovery 
with less injected pore volume. 
Statistical analysis was conducted to elucidate the relationship between the 
different investigated parameters on the oil recovery factor and water residual resistance 
factor including flow rate, brine salinity, and a number of fractures. According to the Pareto 
plot obtained from the statistical analysis (Figures 19 and 20), the number of fractures had 
the most influence on the oil recovery factor. The oil recovery factor increased as the 
number of fractures increased and brine salinity decreased; however, the flow rate did not 
show any effect on oil recovery factor. The number of fractures was also the most important 
factor affecting Frrw. The Frrw increased as the number of fractures, brine salinity, and 

















Figure 19. Contrast Plot shows the effect of flow rate, brine salinity, and a number of 















Figure 20. Contrast Plot shows the effect of flow rate, brine salinity, and a number of 
fractures on Frrw. 
 
 
7. CONCLUSIONS    
 
            A series of core flooding tests using fractured sandstone core models were 
conducted to identify whether the combined process of PPG treatment and low salinity 































recovery approaches were evaluated: 1) the 5-cycle sequential injection approach where 
micro-PPG was prepared with 1.0% NaCl water and 2) the 3-cycle mixed injection 
approach where micro-PPG was prepared with different NaCl concentrations. The results 
yielded the following conclusions: 
• Combining PPG treatment and LSWF technologies together could increase more oil 
recovery from fractured sandstone than applying individually. Low salinity water 
flooding can improve displacement efficiency, and PPG can improve sweep efficiency. 
The incremental oil recovery factor was increased when the micro-PPGs swelled in low 
water salinity during micro-PPG treatment. 
• The plugging efficiency, stabilized injection pressure, monitoring pressure, and water 
residual resistance factor—all increased when the salinity of injected water decreased. 
The water residual resistance factor decreased as the flow rate, and brine concentration 
increased. However, at high flow rate, greater than 6 ml/min., the Frrw was the same 
for all the brine concentrations with no significant effect of flow rate on Frrw. 
• The parallel partially open fractures model gave a higher oil recovery factor than a 
single partially open fracture model, and LSWF improved the oil recovery factor in the 
parallel partially open fractures better than the single partially open fracture.  
• The mixed injection mode, which required three cycles with a 3.15 injected pore 
volume, resulted in higher oil recovery factor (24.25%) than the sequential injection 
mode (19.7%), which required five cycles with a 5.79 injected pore volume. 
• We successfully developed a semitransparent model which can image fluid flow in 





• The statistical analysis results showed that the number of fractures had a higher 
influence on the oil recovery factor followed by brine salinity. However, the flow rate 
did not show any effect on the oil recovery factor. The number of partially open 
fractures is the factor that strongly influences Frrw while the flow rate is the least 




EA = areal sweep efficiency. 
ED = displacement efficiency. 
Frrw     = water residual resistance factor. 
Pinj.a   = injection pressure after gel placement. 
Pinj.b = injection pressure before gel placement. 
R.F. = oil recovery factor. 
Soi = initial oil saturation. 
Swi = initial water saturation. 
Sor = residual oil saturation. 
WF1 = first waterflooding (1.0% NaCl). 
WF2 = first waterflooding (1.0% NaCl). 
LSWF1 = first cycle of low salinity waterflooding (0.1% NaCl).  





PPG+1.0% NaCl = PPG swollen in 1.0% NaCl. 
PPG+0.1% NaCl = PPG swollen in 0.1% NaCl. 
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            Fractures and oil-wet conditions in carbonate reservoirs significantly limit their oil 
recovery. Gel treatment has been applied in injector wells to modify the prevailing 
reservoir streamline and significantly reduce fracture permeability, while smart 
waterflooding (low-salinity waterflooding) has been applied to modify reservoir 
wettability toward water-wet for improved oil recovery. However, both of these processes 
have limitations that cannot be resolved using a single method. The objective of this study 
was to test whether smart water could enable gel particles to move deeply into fractures to 
efficiently increase oil recovery and control water production. A semitransparent fracture 
model of carbonate cores and acrylic plates was built to study the effect of smart 
waterflooding, fracture width, gel injection volume, and fracture uniformity on oil recovery 
and to redirect the flow path to un-swept zones. Preformed particle gel (PPG) and brine 
movements were visible through the model’s transparent acrylic plate. Seawater was used 
for brine flooding and to prepare swollen particles; the seawater was diluted 100 times to 
create smart water. A light crude oil was used, with 10 cp viscosity. Smart water was 
injected after gel placement to test the gel plugging efficiency. The results showed that the 





because the gel weakened as the brine concentration decreased. The gel injection volume 
had a significant effect on the oil recovery factor when seawater flooding followed the gel 
injection process, while there was less of an effect when the gel was followed by smart 
waterflooding. Moreover, the effect of smart waterflooding on gel propagation decreased 
as the fracture width decreased. Additionally, the resulting fracture uniformity illustrates a 




            In a fractured reservoir, an injected fluid tends to flow through fractures, and only 
a small fraction can flow into the matrix, which leads to early well abandonment and 
significant amount of unrecoverable hydrocarbon due to excess water production. When 
there is vertical fluid crossflow between reservoir layers, near-wellbore gel treatment is not 
economical because the injected fluid returns to the flow channel into the producers after 
bypassing the gel bank (Aldhaheri 2017). Therefore, it is recommended that large volumes 
of gel be placed deeply into a mature reservoir through injection wells to obtain a long-
term fluid diversion for the subsequently injected drive fluid.  
            Different gel systems have been investigated for in-depth fluid diversion treatment, 
such as weak gel, colloid dispersion gel (CDG), millimeter-size (10 um, a few millimeters) 
preformed particle gel (PPG), microgel, etc. Wang and Gu (2003) pointed out that 
application of a weak gel system can be used to resolve the interlayer conflicts caused by 
permeability contrast and to improve the mobility ratio. Microgel, CDG, and weak gel are 
mainly used in high-permeability matrices, whereas strong in situ gels and preformed 





al (2001) and Han et al. (2014) mentioned that in-depth fluid diversion treatments usually 
involve more than 10% of the treated well pattern pore volume or about one-third of the 
distance between the injector and producer.  
            Preformed particle gels have recently been developed and applied to improve 
reservoir sweep efficiency. PPGs are a specific kind of superabsorbent polymer. Their size 
can be controlled in the nanometer, micrometer, and millimeter ranges. PPGs are formed 
at a surface facility and later injected into a reservoir; thus, no gelation occurs in the 
reservoir. Therefore, PPGs are able to overcome some drawbacks inherent in an in situ 
gelation system, such as lack of gelation time control, gelling uncertainty due to shear 
degradation, chromatographic fractionation, or dilution by water formation (Chauveteau et 
al. 2003; Bai et al. 2007a,b). PPGs can preferentially enter into fractures or fracture-feature 
channels, while minimizing gel penetration into un-swept zones and matrices when 
millimeter-sized particle gels are used, and they have been applied in nearly 10,000 wells 
in waterfloods and polymer floods to reduce the permeability of fractures or super-
permeable channels (Bai et al. 2013)  
            Smart waterflooding has recently attracted great interest in relation to improving 
carbonate reservoir recovery. Yousef et al. (2011) investigated the impact of water salinity 
and ion composition on oil recovery from carbonate reservoirs. They found that oil 
recovery could be improved by 17% when the injected seawater was diluted 100 times. 
Fathi et al. (2012) reported that the oil recovery increased when seawater was depleted in 
NaCl and that high temperatures created more significant improvements in oil recovery. 





seawater was injected, while the oil recovery factor reached 51% when the seawater was 
diluted 50 times. 
            Bai et al. (2007) reported that PPG swelling ratio decreased with an increase in 
water salinity. Zhang and Bai (2011) studied the effect of brine concentration on PPG 
transport through open fractures. They found that PPG injectivity increased with the 
reduction of brine concentration. Alhuraishawy et al. (2016) using closed fractured models 
to study the benefits of integrating low-salinity waterflooding and preformed particle gel 
in enhancing oil recovery for carbonate reservoirs and found that oil recovery was 
improved by the combined process. Seright (1995) indicated that plugging fractures far 
from the wellbore rather than near the wellbore is preferable because the plugging is most 
likely to redirect the injected water to displace oil far from the wellbore, while maintaining 
the well injectivity.  
            The main objective of the research described below was to investigate whether the 
salinity differences between injection smart water and the seawater swollen PPG could 
cause better in-depth water diversion to improve oil recovery. Using coreflooding tests, 
this study examined the effect of smart water, fracture width, tardiness smart water 
injection, and gel volume on flow diversion and oil recovery improvement. 
 
2. APPROACH  
 
2.1. CORE PREPARATION 
            Six core slabs were prepared using outcrop Indiana limestone blocks for core 
flooding tests. The permeability of the cores was approximately 50 md. The core porosity 





The original cores were water-wet. The slabs were dried and vacuumed and then altered to 
be oil-wet using a toluene and saline treatment procedure described by Farag et al. (2014). 
The cores were soaked in an acid base to clean for 12 hours, then washed using distilled 
water. They were left in the distilled water bath at ambient temperature for 12 hours. The 
cores were then put in an oven to dry at 257°F for 12 hours. They were vacuumed and 
placed in a container. Toluene was added, and a 2.0 wt. % octadecyl 
dimethyldimethoxysilane solution was also poured into the container as a salinization 
agent. An extraction process was used, similar to that used by the U.S. Bureau of Mines 
(USBM), and cores were aged for 48 hours in an oven at 257°F to ensure that the solution 
saturated into all of the cores’ connected pores. The cores were dried again at. 257°F for 
24 hours. After that, the porosity and permeability of the cores were measured to confirm 
that no change in the pore structure had occurred during the treatment. The contact angle 
was also measured to ensure that the cores’ wettability became oil-wet. The contact angle 
was 62° before treatment and 127° after treatment, which means that the core wettability 
changed to oil-wet, based on the standard classification (Anderson 1986): water-wet, 0-
75°; intermediate-wet, 75-115°; and oil-wet, 115-180°. The experimental setup can be seen 
in Figures 1 and 2. The fractured model was constructed of two acrylic plates with a rubber 
O-ring between them. Nuts and bolts adhered the two plates, and shims were added to 
control the fracture width. A long, square pocket (5 cm wide, 22.5 cm long, and 2 cm deep) 
was drilled in the center of one plate; epoxy was applied to affix a piece of the limestone 
slab into this pocket. The PPG and brine movements were visible through a transparent 
side of the model. In the plate on the fracture side, four equally spaced holes were drilled 





and PPGs as well as to record the injection pressure; the fourth hole was drilled near the 
end of the fracture model as a fracture outlet (Figure 2). Also, these holes were used to 
record the pressure at particular points during the injection of the brine and PPG and to 
measure the pressure drop between these holes. One hole was drilled on the other plate to 
serve as an outlet to discharge fluid from the matrix. The cores were vacuumed and 
saturated with formation water, and the pore volume was calculated. Because the core had 
already been saturated with formation water, crude oil was injected from hole 1 to displace 
water and to build irreducible water saturation and initial oil saturation; the crude oil had 
the following properties: API 39°, a density of 0.845 g/cc, 1.1 wt. % asphaltene content, a 
0.3 mg/g KOH acid number, and a viscosity of 5.88 cp at 45°C. This step was repeated 
using other holes (i.e., 2 and 3) to make sure that the entire core was saturated 
homogeneously. During the simulation of the initial oil saturation, the fracture outlet was 
closed so as to point the injected oil toward the matrix; only the matrix outlet was open.  
 
Table 1. Experimental core dimensions and properties. 
 
2.2. EXPERIMENTAL SCHEDULE 
Two separate steps comprised the experimental schedule: (1) PPG placement, and 
(2) subsequent waterflooding. The injection pressure as well as the pressures across the 
Core 
ID 











 % Length Thickness 
1 22 2 0.5 
15 50 
22.5 77.5 
2 22 2 0.5 23 77 
3 22 2 1 23.5 76.5 
4 22 2 0.25 23.6 76.4 
5 22 2 0.5 24 76 





fracture were recorded during these experimental steps. Also, oil and water production 
volume were collected from both the fracture and matrix outlets to calculate the oil 
recovery factor. 
 Figure 1. Schematic diagram of the experimental apparatus. 
Figure 2. Schematic diagram of the semitransparent model. 
 
             2.2.1. PPG Placement. Millimeter-size, 20-30 mesh, commercial, superabsorbent, 
cross linked polymer was used as the preformed particle gel for this study (Figure 3). The 
particle was synthesized by a free radical process, using acrylamide, acrylic acid, and N, 
N’-methylene-bis-acrylamide. The PPG was swollen in seawater until the gel became 
fully swollen and then the PPG was separated from the free seawater for injection. The 





of the fully swollen gel (Ws) divided by the initial weight of the dry gel was used to 
determine the gel swelling ratio (Table 2):  
                  Swelling ratio =
𝑊𝑠−𝑊𝑑
𝑊𝑑
            (1) 
              Before PPG injection, seawater was injected at a flow rate of 2 ml/min to simulate 
the first waterflooding and then the swollen PPG was injected into the fracture model at 
the same flow rate. The volume of oil and water production was collected from the 
fracture and matrix outlet, separately. The PPG injection volume depended on the design 











Figure 3. PPG before and after being swollen in seawater. 
 2.2.2. Waterflooding. In-depth water diversion and PPG plugging efficiency were 
measured when the PPG was positioned in the fracture by waterflooding. Two common 
brines—formation water and seawater (Crabtree et al. 1999)—were used in this work 
(Table 2). The function of the formation water was to simulate the initial water saturation 





waterflooding, after PPG treatment. Smart water (seawater diluted 100 times) was 
employed to measure the dependency of the in-depth water diversion on the brine salinity. 
The water injection rate was 2 mm/min for all waterflooding cycles. Fracture and matrix 
outlets were open during waterflooding, and the effluents were collected from both. The 
waterflooding schedule was designed for each experiment, as listed in Table 3. The 
injection pressure and pressures across the fracture were monitored. Oil and water 
production were measured during waterfloods from matrix and fracture outlets, separately.  
Table 2. Brine compositions used in the experiments. 
Salt 
*Common formation water and seawater 
compositions 
Smart water 
Formation water (gm/L) Seawater (gm/L) 
Diluted seawater 100 times  
(gm/L) 
BaCl2   0.478 0 0 
CaCl2  13.951 1.185 0.012 
SrCl2   2.345 0 0 
MgCl2  3.177 11.466 0.115 
KCl   1.247 0.877 0.009 
NaCl 78.363 19.269 0.193 
Na2SO4   0 4.377 0.044 
TDS 99.56 37.174 0.372 
Salinity, % 9.956 3.7174 0.0372 
Gel swelling ratio  32 180 
*Crabtree et al. 1999 
 
Table 3. Injection schedules for each core used in the experiments. 
*Reference experiment. 
**PPG injected until reached half fracture length. 
*** PPG injected until filled whole fracture length. 
Experiment  Fracture Width Purpose 
Injection Schedules 
1 2 3 4  
1* 0.5 mm Early dSW SW **0.5 FL Gel d100SW -  
2 0.5 mm SW SW 0.5 FL Gel SW -  
3 0.25 mm Fracture width SW 0.5 FL Gel d100SW -  
4 1 mm Fracture width SW 0.5 FL Gel d100SW -  
5 0.5 mm Delay dSW SW 0.5 FL Gel SW d100SW  





3. RESULTS AND DISCUSSIONS 
 
3.1. PPG FOLLOWED BY SMART WATER 
            Seawater was injected into Core #1 at an injection rater of 2 ml/min to simulate the 
first waterflooding, with the result that the oil recovery was zero, and all pressures were 
close to zero (Figure 4). The injection pressure (P1) increased dramatically when the PPG 
injection started. After PPG injected reached half fracture length, the pressures P1, P2, P3, 
and P4 were 46 psi, 13.6 psi, 0.1 psi, and 0.1 psi, respectively, and the oil recovery was 
1.6%. Next, smart water was injected to test the plugging efficiency and improved oil 
recovery. During the first 1.75 PV injection of smart water, the oil recovery reached 12%, 
with P1 and P2 pressures constant at 20 psi and 17 psi, respectively, and P3 and P4 were 
close to zero. Subsequently, there was a significant increase in oil recovery, with the total 
being 24.5%, with increases in P1, P2, and P3 and stabilized at 43 psi, 36 psi, and 8psi, 
respectively, and maintained P4 at 0.1 psi. The total oil recovery factor was 24.5% (18% 
from the matrix and 6.5% from the fracture). 
            The above experimental results demonstrated that a combination of particle gel 
treatment and smart waterflooding can significantly improve oil recovery for carbonate 
reservoirs. Pressures along the fracture indicated the propagation rate of the gel front. 
Therefore, the P3 value was evidence that smart waterflooding caused the PPG to move 
toward the fracture outlet because the gel strength decreased as the brine concentration 
decreased (Zhang and Bai 2011). This explains the significant increase in oil recovery after 
the injection of 1.75 pore volume of smart water. Also, the gel movement could be 
visualized during the smart waterflooding injection cycle, which is consistent with the 





and P2, rose during the smart waterflooding because the gel particle size increased as the 
brine concentration decreased (Imqam et al. 2016). P2 and P3 were 13.6 psi and 0.1 psi, 
respectively, with pressure differences of 13.5 psi before the PPG started moving, whereas 
P2 and P3 showed 36 psi and 8 psi, respectively, with a 28 psi pressure difference after the 
PPG movement. Therefore, the plugging efficiency improved during smart waterflooding 
(Brattekas et al. 2016: Alhuraishawy et al. 2017). Also, the pressure drop across P1-P2 (7 
psi) during the smart waterflooding was less than the pressure drop across P2-P3 (28 psi), 
even though there was the same distance between the pressure taps. This occurred because 
as the PPG started moving toward the fracture outlet, the amount of gel between P1 and P2 
decreased, whereas it increased between P2 and P3. Therefore, the connectivity between 
P1 and P2 increased (i.e., blocking efficiency decreased), but it decreased between P2 and 
P3. Although the smart water made the PPG weaker, the injection pressure rose due to the 
increasing PPG particle size as the brine concentration decreased, which caused the 
narrowest flow path between PPG particles (Imqam et al. 2016; Alhuraishawy et al. 2016). 
 
3.2. PPG FOLLOWED BY SEAWATER 
          In this experiment, seawater was injected after the PPG was placed in the fracture. 
The oil recovery and pressure trends for the first waterflooding and PPG placement was 
the same as that in the experiment where the PPG injection was followed by smart water. 
However, during the second waterflooding (seawater), the total oil recovery was 9.8% (8% 
from the matrix and 1.8% from the fracture), and the pressures P1, P2, P3, and P4 stabilized 
at 2.4 psi , 1.8 psi, 0.0 psi, and 0.0 psi, respectively (Figure 6). Also, the PPG did not move 





















Figure 5. Waterflooding and the PPG placement process: (a) PPG placement, and (b) 














Figure 7— Waterflooding and the PPG placement process: (a) PPG placement, and (b) seawater followed by 






Figure 7. Waterflooding and the PPG placement process: (a) PPG placement, and (b) 







3.3. FRACTURE WIDTH EFFECT IN-DEPTH DIVERSION 
            Cores #3 and #4 were used to examine the effect of the fracture width on the 
performance of smart water following gel treatment. The results of Cores #3 (0.25 mm 
fracture width) are shown in Figure 8. P1 and P2 increased to 220 psi and 74 psi, 
respectively, when PPG injected reached half fracture length, with 7% oil recovery factor. 
During the first PV of smart water injection (d100SW), the pressures P1 and P2 were 
approximately 32 psi and 11 psi, with a total of 17.4% oil recovery. Thereafter, P1 and P2 
suddenly increased and stabilized at approximately 195 psi and 150 psi, respectively, and 
the oil recovery improved to 27.8%. In addition, P3 and P4 were zero during all injection 
cycles, meaning that the PPG did not move deeply into the fracture. The pressures related 
to the 1 mm fracture width, P1 and P2, reached 10 psi and 5.6 psi, respectively, at the end 
of 0.5 FV PPG injection, while P3 and P4 were zero (Figure 9). The oil recovery factor 
was zero until the smart water was injected, at which time the oil recovery increased and 
stabilized at 19.78%, with the pressures P1, P2, P3, and P4 equal to 7.4 psi, 4.4 psi, 3.4 psi, 
and 0.5 psi, respectively. Smart water injection caused the PPG to weaken and become 
deformable and movable, which resulted in increases in P3 and P4. Figures 10 and 11 
visualize waterflooding and PPG movement through 0.25 mm and 1 mm fracture widths, 
respectively. 
            Fracture width had a significant effect on both the plugging efficiency and oil 
recovery factor (Alhuraishawy and Bai 2017). A comparative analysis was applied that 
showed differences between the fracture width results for 0.25 mm, 0.5 mm, and 1 mm 
fracture widths: a relationship between the plugging efficiency and pressure drop was 





The PPG injectivity increased with the fracture width. Thus, the plugging efficiency 
increased as the fracture width decreased (Zhang and Bai 2011). These results showed that 
the PPG injection pressure (P1) was 220 psi, 46 psi, and 10 psi at 0.25 mm, 0.5 mm, and 1 
mm fracture width, respectively, reaching a half fracture length.  
Moreover, the oil recovery factor during the PPG injection increased by 7%, 1.6%, 
and 0% as the fracture width decreased by 0.25 mm, 0.5 mm, and 1 mm fracture widths, 
respectively. This was because the lowest fracture width required the highest PPG injection 
pressure to obtain the full 0.5 fracture volume, which caused the PPG to lose most of the 
water it had absorbed, allowing it to squeeze into the matrix (Alhuraishawy et al. 2016: 
Alhuraishawy and Bai 2017). Gels dehydrate during extrusion in fractures, which reduces 
the gel propagation rate (Seright 1997). Hence, when the fracture width decreased, a large 
amount of water was squeezed (water leakoff) into the matrix, thereby improving the oil 
recovery factor. Seright (1997, 2001) reported that gel propagation decreased as the 
fracture width decreased, and gel penetration into the fracture is directly proportional to 
the fracture width to the 1.5 power. Therefore, Seright’s results indicated that a larger 
fracture width results in a deeper PPG movement during smart water injection. However, 
in the experiments reported in this paper, the highest fracture width resulted in the lowest 
oil recovery factor because the plugging efficiency decreased as the fracture width 
increased. Therefore, the higher fracture width resulted in more in-depth PPG propagation 






Figure 8. Oil recovery factor and recorded pressures (Core #3, 0.25 mm FW). 





Figure 10. Waterflooding and the PPG placement process: (a) PPG placement, and (b) 










Figure 11. Waterflooding and the PPG placement process: (a) PPG placement, and (b) 
smart water followed PPG (Core #4, 1 mm FW). 
3.4. TERTIARY SMART WATER INJECTION 
            Core #5, with 0.5 mm fracture width, was used to study the effect of smart water 
injection on the oil recovery factor and injection pressure. Smart water was injected after 







half fracture length, seawater was injected as a second waterflooding until the PPG 
particles stopped moving toward the fracture outlet (Figure12). Oil recovery was 
established at 10.5%, and the pressures P1, P2, P3, and P4 stabilized at 2.6 psi, 2 psi, 0 psi, 
and 0 psi, respectively. After that, a cycle of smart water (d100SW) was injected to examine 
the effect of the delayed smart water. The results showed a significant increase in both the 
oil recovery factor and pressures. The oil recovery was improved by 12% during the smart 
water injection cycle, and the pressures, P1, P2, and P3, increased and stabilized at 46 psi, 
36 psi, and 7.8 psi, respectively. It was possible to visualize PPG particles moving into the 
depths of the fracture, which was verified by a P3 pressure tap recorded value indicating 
that the PPG had reached pressure Tap #3 (P3); in addition, the final oil recovery factor 
was 25%, with 11.5 total pore volume injected.  However, P4 remained zero because the 
PPG propagation did not reach the P4 point. The comparison, which injected smart water 
directly after PPG placement, delayed smart waterflooding (seawater injected after PPG 
placement, followed by smart water) resulted in an overall oil recovery of 24.5%, with a 
7.1 total pore volume injected when the PPG was followed by smart water. In contrast, the 
oil recovery was 25% when 11.5 total pore volume was injected during the delayed smart 
water injection. This suggests that PPG followed by smart water might be better than 
delayed smart water because the former resulted in almost the same oil recovery factor with 
less total pore volume injected. 
 
3.5. PPG VOLUME 
            Using an in-depth reservoir treatment, a gel of 0.1-0.5 pore volume was injected to 
divert the flow to un-swept reservoir zones (Han et al. 2014). PPG was injected until filled 





same experiment schedule as Core #1. After the PPG was injected and had filled the entire 
fracture volume, the pressures P1, P2, P3, and P4 were 157 psi (extruded pressure), 124.2 
psi, 97.8 psi, and 20 psi, respectively, with a 14.34% oil recovery factor (Figure 13). 
Extruded pressure is the pressure which PPG starting produced during PPG injection. 
Smart water was injected to test the performance of the gel treatment. All pressures 
suddenly decreased, and after a smart water injection of one pore volume, the pressures 
started to increase during the second pore volume of smart water injection, until the 
injection pressure (P1 = 176 psi)) exceeded the PPG extruded pressure. Then, the PPGs 
ruptured, and the pressures decreased immediately, with P1, P2, P3, and P4 stabilizing at 
4.8 psi, 4 psi, 3 psi, and 0.2 psi, respectively. The oil recovery factor culminated at 27% 
after the smart water injection cycle. Additionally, the PPG injected volume had an effect 
on the improved oil recovery factor in the fractured reservoir. When PPG injected reached 
half fracture length, the total oil recovery factor was 24.5%, but it was 27% when PPG 
injected filled the whole fracture. However, the difference was not much enough ( only 
2.5%). 





 Figure 13. Oil recovery factor and recorded pressures (Core #6, 0.5 mm FW, 1 fracture 
volume PPG injected). 
 
3.6. WATER RESIDUAL RESISTANCE FACTOR (Frrw) 
            In a previous work by this group (Alhuraishawy et al. 2016), the water residual 
resistance factor was calculated as the ratio of the injection pressure after gel injection to 
the injection pressure before gel injection. In this work, the water residual resistance factor 
was calculated through the fracture using the Eq. 2: 
 
                                    Frrw =
(P1−P4)after
(P1−P4)before
                                    (2) 
 
where P1 and P4 are the inlet and fracture outlet pressures, respectively, in psi. The result 
showed that the Frrw increased when the brine concentration and fracture width decreased. 
So the Frrw equaled 2166.55, 501, and 76.7 at 0.25 mm, 0.5 mm, and 1 mm fracture width, 





injected after gel placement into a fracture of width 0.5 mm, the Frrw was 26.5. 
Additionally, the fracture model was opened after the experiments were concluded, and 
samples of the PPGs were taken to measure PPG strength. PPG strength showed the same 
trend as the Frrw with respect to the brine concentration and fracture width. Table 4 
summarizes the Frrw and PPG strength results. 
Table 4. Water residual resistance factor (Frrw) and gel strength (G’). 
 
              The mechanism by which smart water improves in-depth water diversion and, as a 
result, improves the swept area, which raises the oil recovery factor, is illustrated in Figure 
14. The first 1.75 pore volume injection of smart water, when half of fracture was filled by 
PPG, swept the zone that was closed to the PPG. Over time, when more smart water was 
injected, the PPG strength decreased, and the PPG became deformable and movable. Then, 
the PPG particles started moving inside the fracture toward the fracture outlet and swept a 
new zone, which was closed to the PPG. However, when typical seawater followed the 
PPG injection, no PPG movement occurred, and P3 and P4 remained closed. Therefore, 
the total oil recovery was 9.8%, with no significant jump in the oil recovery curve during 
the seawater injection cycle. 
 
ID  Fracture Width 
Injection schedules 
Frrw G’, Pa 
1 2 3 4 
1 0.25 mm SW 0.5 FV Gel d100SW - 2166.5 2915.95 
2 0.5 mm SW 0.5 FV Gel SW - 501 2306.47 
3 1 mm SW 0.5 FV Gel d100SW - 76.7 1957.24 
4 0.5 mm SW 0.5 FV Gel SW - 26.5 3036.85 






















Figure 14. In-depth water diversion: (a) PPG followed by smart water injection, and (b) 





            A fractured carbonate model was built to test how smart waterflooding could be 
used to improve in-depth particle gel treatment by enabling particles to move deeper into 
a fracture and efficiently increase oil recovery. The laboratory experiments yielded the 
following findings: 
 Smart water injection after PPG placement resulted in deeper PPG propagation than 
seawater, causing improved in-depth water diversion and enlarging the swept area, 
and ultimately yielding an improved oil recovery factor. 
 Fracture width had a significant effect on both the plugging efficiency and the oil 
recovery factor. The higher fracture width resulted in deeper PPG movement during 
smart water injection. However, the high fracture width resulted in a lower oil 












 PPG injection followed by smart water might be better than tardiness smart water 
because it resulted in almost the same oil recovery factor with less total pore volume 
injected. 
 PPG injected volume had an effect on improving the oil recovery but was not 
statistically significant. The total oil recovery factor was 24.5% when a half fracture 
filled with PPG, but it was 27% when the whole fracture filled with PPG. 
 The water residual resistance factor through the fracture increased as the fracture 
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3. CONCLUSIONS AND RECOMMENDATIONS 
 
3.1. CONCLUSIONS 
            In this dissertation, a comprehensive evaluation of a cost-effective, novel, EOR 
method and understanding of the combined technology and to demonstrate how the 
coupling method can improve oil recovery while reducing excess water production through 
fractures, high-permeability streaks or voids which commonly exist in mature oilfields. 
The major findings of this research are summarized below: 
 A semi-transparent model was successfully developed, which can be used to image 
the fluid flow in consolidate rocks. 
 The novel EOR process by combining LSWF with PPGs was proposed and proved 
in lab, which will provide a viable technique for improving oil recovery in fractured 
reservoirs. 
 The coupled method bypasses the limitations of each method when used 
individually and improves both displacement and sweep efficiency. 
 The increase in PPG size (re-swelling) during low salinity water flooding and 
increase in PPG size (swelling ratio) during PPG placement allowed the PPG to be 
more efficient in reducing fracture permeability. PPG could increase the oil 
recovery from narrow fractures at much higher rates than from wide fractures. 
Imbibition and core flooding results indicated that the low salinity water flooding 





 Core flooding results indicated that the combining method (PPG with low water 
salinity in one process) improved oil recovery significantly from both oil-wet and 
water-wet cores. The mixed injection mode resulted in higher oil recovery factor 
than the sequential injection mode. 
 The PPG placing pressure affects the oil recovery factor and water residual 
resistance factor. When the placing pressure increased, the oil recovery factor and 
the water residual resistance factor increased. Low salinity water flooding has more 
effect on oil recovery at a higher placing pressure. 
 The PPG-placed injection pressure is the factor that strongly influences both oil 
recovery factor and Frrw and the fracture width is the least influential factor among 
the three based on full factorial design results. 
 Increased sulfate ion concentration and diluted seawater can improve oil recovery 
by changing core wettability toward a water-wet surface, and sulfate ions had more 
effect than dilute seawater in the nonfractured carbonate reservoir. 
 Diluted sea water can improve both displacement and might be sweep efficiency, 
while increased sulfate ion concentration can improve only displacement efficiency 
when applied after gel treatment in both the fully open fracture and partially open 
fracture models because the gel particle size increased as brine concentration 
decreased. Therefore, the diluted seawater can improve plugging efficiency but 
sulfate ions cannot.  
 Combining microgel with sulfate ion concentration resulted in higher oil recovery 





combining microgel with low salinity water showed highest oil recovery in the 
partially open fracture model. 
 When the low salinity waterflooding was injected after PPGs were placed into the 
partially open fracture, the preformed particles gel size increased as its swelling 
ratio increased. This improved plugging efficiency led to improved areal sweep 
efficiency.  
 Smart water injection after PPG placement resulted in deeper PPG propagation than 
seawater, causing improved in-depth water diversion and enlarging the swept area, 
and ultimately yielding an improved oil recovery factor. 
 The statistical analysis results showed that the number of fractures had a higher 
influence on the oil recovery factor followed by brine salinity. However, the flow 
rate did not show any effect on the oil recovery factor. The number of partially open 
fractures is the factor that strongly influences Frrw while the flow rate is the least 
influential factor among the three. 
 
3.2. RECOMMENDATIONS 
 The main objective of this study is to provide a comprehensive understanding of 
the combined technology that couples PPG treatment and low salinity waterflooding and 
to show how using the coupling method can improve oil recovery. The future academic 
research potentials are outlined to extend the current research in the following points: 
 In the core flooding experiments, the cores used are fractured uniformly, which is 
different from the actual fractured reservoirs. Therefore, it is suggested to perform 





 Surfactant flooding technique is gaining the attention of operators and recently 
applied with PPG. Therefore, the study of coupling PPG-LSWF- surfactant 
flooding in one EOR technique will be worth study. PPG can be used as a carrier 
for both surfactant and LSW to the target zones in the reservoir. 
 Deeply understand the coupling process of PPG and LSWF by using numerical 
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